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Abstract: Tight sandstone is rich in micron- and nano-scale pores, making the two-phase flow of gas
and water complex. Establishing reliable relative permeability and productivity models is an urgent
issue. In this study, we first used a slip model to correct the gas phase’s no-slip Hagen–Poiseuille
equation for nano- and micropores. Then, combined with the fractal theory of porous media and
the tortuous capillary bundle model, we established two-phase relative permeability models for
nanopores and micropores. These relative permeability models comprehensively consider the gas
slippage effect, the initiation pressure gradient, the pores’ fractal characteristics, and water film
mechanisms. Based on these models, we developed a three-region coupling productivity model for
water-bearing tight gas reservoirs with multi-stage fractured horizontal wells. This productivity
model considered the micro- and nano-scale effects and the heterogeneity of fracture networks. Then,
the model was solved and validated with a field case. The results indicated that the three-region
composite unsteady productivity model for water-bearing tight gas reservoirs, which incorporated
micro- and nano-scale effects (with consideration of micro-scale and nano-scale phenomena in the
fluid flow), could accurately predict a gas well’s productivity. An analysis of the factors influencing
productivity showed that ignoring the micro- and nano-scale effects in water-bearing tight gas
reservoirs will underestimate the reservoir’s productivity. The initial water saturation, the two-
phase flow’s initiation pressure gradient, and capillary force are all negatively correlated with the
productivity of gas wells, while the conductivity of the fractures is positively correlated with gas
well productivity.

Keywords: tight sandstone; relative gas–water permeability; productivity; micro- and nano-effects;
fractal theory

1. Introduction

China’s tight sandstone gas reservoirs hold immense resources, making them the
most abundant source of unconventional natural gas [1]. Due to the characteristics of tight
sandstone, such as low porosity (the fraction of void space in the rock), low permeability
(the ability of the rock to transmit fluids), complex pore throats (the narrow channels con-
necting larger pores), high capillary pressure (the pressure difference across the interface of
two immiscible fluids in the pores), and high initial water saturation (the initial volume
fraction of water in the pore space), the gas–water two-phase flow is complex. Relative
permeability is an effective tool for studying multi-phase fluid flow in porous media [2].
Therefore, researching the relative gas–water permeability curves of tight sandstone reser-
voirs is of great significance for evaluating gas wells’ productivity and achieving efficient
development of tight sandstone gas reservoirs.

For conventional reservoirs, relatively reliable relative permeability curves can gen-
erally be obtained through laboratory core experiments (steady-state or unsteady-state
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methods). However, due to the low porosity and permeability of tight sandstone, the
steady-state method takes a long time to reach stability and is quite complex to operate, so
it is rarely used. As for the unsteady-state method, the high heterogeneity and the abun-
dance of micron-sized pores in tight sandstone make the release of gas through fractures
likely. This makes unsteady-state displacement experiments difficult to conduct, and the ex-
perimental results are greatly influenced by human factors and the calculation methods [3].
The lattice Boltzmann simulation is a feasible method for obtaining the phase infiltration
curves of tight sandstone. However, this method requires significant computational re-
sources and time, and the range of pore sizes simulated is usually quite small, limiting its
practical application [4]. Moreover, due to the limitations of the lattice Boltzmann method
in handling fluid–solid boundary interactions, it is challenging to accurately account for
factors such as water films, threshold pressure, and stress sensitivity during simulations.
Therefore, establishing analytical models based on ideal pore structures and considering
different displacement mechanisms not only aids in understanding the two-phase flow
mechanism of gas and water but also provides a convenient and practical approach [5].

Klinkenberg derived a model for assessing apparent permeability in porous media
based on the capillary bundle model [6]. Fulton experimentally investigated the effect
of water saturation on the gas phase’s permeability, and the results showed that the gas
slippage effect decreased with an increase in water saturation [7]. Turgay developed a
single-well productivity model considering the slippage effect, finding that gas reservoirs’
recovery could increase by 5% to 8% under single-phase conditions when the slippage
effect was considered [8]. Shi et al. established an analytical model for assessing the
apparent permeability of the gas phase in tight sandstone under different levels of bound
water saturation [9]. These research findings have revealed the flow mechanisms in the
two-phase flow of gas and water, enhancing our understanding of productivity and the
factors influencing fractured horizontal wells in tight sandstone gas reservoirs.

Jiao used the lattice Boltzmann method (LBM) and a discrete element method (DEM)
to develop a novel pore-scale thermal–hydro–mechanical (THM) model, achieving accurate
calculations of the flow of fluid and the temperature in fractures, as well as conducting
a preliminary investigation of the THM fracturing mechanism [10]. Huang used finite-
element and finite-difference methods to establish a quantitative correlation model between
fracturing interference and horizontal wells’ productivity, achieving better predictions for
horizontal wells’ productivity [11]. Yao et al. quantified the impact of water saturation on
the threshold pressure gradient through experimental methods and established a model of
two-phase gas–water flow for fractured horizontal wells. This model considered the effects
of water saturation on the relative gas–water permeability, the threshold pressure gradient,
and dynamic changes in the water–gas ratio [12]. Wei et al. pointed out that due to the high
water saturation in tight sandstone gas reservoirs, factors such as the threshold pressure
gradient and stress sensitivity have a significant impact on permeability. They developed
an equation for calculating gas wells’ productivity under steady-state flow conditions,
considering the impact of water saturation on various mechanisms of permeability [13]. Lv
et al. developed a productivity model for gas and water in horizontal wells in tight fractured
gas reservoirs. This model comprehensively considered the characteristics of two-phase
gas–water flow in the reservoir’s matrix and fracture network, used a trilinear flow model
to represent the impact of hydraulic fracturing, and accounted for the stress sensitivity of
the reservoir’s matrix and fractures. The model’s predictions were compared with results
from commercial numerical simulation software and production data from actual wells,
verifying its accuracy [14]. Hu et al. proposed a numerical model of three-region flow
and a power–law model of decline for calculating the productivity of fractured horizontal
wells but did not consider the impact of the complex fracture network around the main
fracture [15]. Therefore, due to the micro- and nano-scale of the pore throats in the tight
sandstone reservoir matrix, factors such as the gas slippage effect, the threshold pressure
gradient, stress sensitivity, and water films [16] have significant impacts on gas transport in
the pore throats and should not be ignored in the establishment of practical models.
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In addition, in actual low-permeability reservoirs, the interaction between natural
fractures and hydraulic fractures generates secondary fractures, resulting in a complex
fracture network. Therefore, further research is necessary in order to understand the impact
of these complex fracture networks on the productivity of hydraulically fractured horizontal
wells. Earlier productivity prediction models have not accounted for the interconnected
complex fracture network formed by the primary fractures from hydraulic fracturing and
natural fractures. Some models introduced idealized dual-porosity media to represent
complex fracture networks, but this did not accurately reflect the actual heterogeneous
fracture network structure. Although some studies have considered the heterogeneous
morphological characteristics of fracture networks, the description of the non-uniform
distribution of fracture networks remains unclear.

Given that current analytical models do not consider the combined effects of multiple
mechanisms in tight gas reservoirs, such as comprehensive transport and micro– and
nano-scale effects on productivity, and that the description of the non-uniform distribution
of fracture networks is unclear, this study proposes a new analytical method based on
permeation mechanics and fractal theory. Considering that the pore scale in tight gas
reservoirs ranges from nanometers to micrometers, this study first establishes relative
permeability models for micropores and nanopores, while comprehensively accounting
for factors such as the gas slippage effect, the threshold pressure gradient, pore structure
parameters, and water films. Subsequently, a new model for the multi-stage fracturing of
tight gas reservoirs is developed, considering the influence of micro– and nano-scale effects
and the heterogeneous characteristics of fracture networks on gas–water productivity.
This model integrates mechanisms such as the slippage effect, stress sensitivity, and the
threshold pressure gradient into the gas–water transport process. Finally, the productivity
model is solved and validated with examples, and an analysis of the factors affecting gas
well productivity is conducted. This not only enhances the understanding of gas–water
two-phase flow dynamics but also provides a practical and effective tool for real-world
applications, offering a comprehensive theoretical basis for accurately simulating gas–water
flow in tight gas reservoirs.

2. Micropore Flow Model

In this section, the Hagen–Poiseuille equation [17] and a second-order slip model are
employed to develop a gas–water flow model in micrometer-scale pores, incorporating
boundary coupling conditions. This model, which accounts for the effects of pressure
and temperature on fluid dynamics, accurately describes the flow of fluids in tight sand-
stone pores.

2.1. Establishment and Solution of Water Flow Model for Micropore Characterization Unit

The flow of water at the microscopic pore scale is assumed to be laminar (see Figure 1),
and the velocity distribution of the fluid along the pipe diameter adheres to the fluid
continuity principle [18].
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Figure 1. Flow velocity distribution of single-phase water in a micro-scale capillary tube.

The water molecules are assumed to have zero velocity at the wall, i.e., there is no
slip. The water-phase flow rate in micropores can be represented by the traditional Hagen–
Poiseuille equation [17]:

qwµm =
∫ R0

0
VwdAR =

∆P
L

π

8µw
R0

4 (1)
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For single-phase water flow in tight gas reservoirs, boundary effects occur in hy-
drophilic micrometer tubes due to the strong interactions between the water phase and the
solid phase [19]. This boundary layer effect is the primary cause of nonlinear flow. Based
on previous studies, the initiation pressure and stress sensitivity are significant factors
in the nonlinear flow of tight gas reservoirs. Therefore, it is necessary to further refine
Equation (1).

2.1.1. Initiation Pressure Gradient and Stress Sensitivity

In tight gas reservoirs, the fluid flow must overcome the initiation gradient caused
by surface molecular forces and capillary forces and exhibit distinctive non-Darcy seepage
characteristics compared to conventional gas reservoirs. The relationship between flow
rate and pressure gradient is notably nonlinear, introducing the non-Darcy flow rate of the
initiation pressure gradient: when ∆P/L ≤ gw (gw is the initiation pressure gradient of the
water phase), the fluid does not flow, and when ∆P/L > gw, the fluid starts to flow.

During exploitation, the pressure in tight gas reservoirs continuously decreases. Under
the influence of overlying pressure, the pore radius decreases, resulting in reductions
in porosity and permeability. Based on the stress experiments on tight reservoirs by
Dong et al. [20], a power–law relationship is used to characterize the relationship between
pore radius and pressure:

Rs = R[(Po − P)/Pa]
0.5(ϕs−ks) (2)

Based on this, considering the combined effects of the initiation pressure gradient and
stress sensitivity, the velocity distribution of the water phase across the pipe diameter is

Vw =

(
∆P
L

− gw

)
1

4µw

(
R2

0S − R2
S

)
(3)

By integrating along the capillary with a radius of R0, the water-phase flow equation
considering the combined effects of initiation pressure gradient and stress sensitivity can
be obtained as

qwµm =
∫ R0S

0
VwdAR =

(
∆P
L

− gw

)
π

8µw
R0S

4 (4)

In the above equation, R0s is the pore radius, m, corresponding to a pressure P0.

2.1.2. Water-Phase Flow Rate of Characterization Unit Based on Fractal Theory

Pores in porous media exhibit fractal self-similarity characteristics across scales, from
the nanometer scale to the micrometer scale [21]. According to fractal geometry theory, the
fractal dimension of pore distribution can be calculated using the following equation [22]:

Dm = d − ln ϕ

ln(Rmin/Rmax)
(5)

where the fractal dimension of the pore distribution, labeled Dm, is a dimensionless number
characterizing the complexity of the pore structure, typically ranging between 2 and 3 in
three-dimensional pore structures; porosity, ϕ, indicates the proportion of pores in a rock
relative to the total volume. The total number of pores between the minimum pore size
Rmin and the maximum pore size Rmax is

n = (Rmax/Rmin)
Dm (6)

The probability density function of the distribution of pores with different pore sizes
is given by [23]

f (R) = DmRDm
min/R(Dm+1) (7)

In porous media, the actual path of a pore varies due to its tortuous nature. A
characterization unit of length L0 is used to represent the properties of porous media, while
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the actual length of the capillary L is greater than L0. The value of L can be derived from
the following equation [24]:

L(R) = (2R)1−Dt LDt
0 (8)

where Dt is the tortuosity fractal dimension, and for a three-dimensional characterization
unit, 1 < Dt < 3. Dt = 1 means a straight-line capillary, and Dt = 3 indicates that the capillary
is infinitely tortuous and can fill the entire space. The tortuosity fractal dimension can be
expressed as follows [25]:

Dt = 1 + ln

{
1
2

[
1 +

√
1 − ϕ

2
+

√
1 − ϕ

1 −
√

1 − ϕ

√
(

1√
1 − ϕ

− 1)
2
+

1
4

]}/
ln

{
Dm − 1

D0.5
m

√
π

8 − 4Dm

1 − ϕ

ϕ

Rmax

Rmin

}
(9)

The capillary bundle model describes fluid flow paths in tight sandstone through a set
of meandering capillary tubes of different diameters, effectively reflecting non-homogeneity.
The capillary bundles are usually aligned perpendicular to the characterization unit, and the
fluid can only flow through the capillary bundles, with no fluid flow occurring around the
characterization unit (see Figure 2). The pore size distribution and tortuosity of this model
conform to the descriptions of fractal theory. The hydrophilic nature of tight sandstone
implies that capillary forces are significant in smaller pores, making it difficult for gas
to enter these pores. Assuming that under a certain displacement pressure, there is a
specific water saturation corresponding to a critical capillary radius, Rcr, pores with a
radius smaller than Rcr exhibit single-phase water flow, while those with a radius larger
than Rcr exhibit single-phase gas flow [26]. Since the water film thickness in actual tight
sandstone reservoirs generally ranges from 1 to 20 nm [27], which can be ignored for
micrometer-scale capillaries, it is assumed here that there is no water film in capillaries
with a radius larger than the critical radius Rcr.
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Based on the above assumptions, the equation for water saturation can be expressed as

Sw =
∫ Rcr

Rmin

πR2 f (R)dR
/∫ Rmax

Rmin

πR2 f (R)dR (10)

By introducing pore radius tortuosity, initiation pressure gradient, and stress sensitiv-
ity, the single-phase water flow rate in a capillary tube can be expressed as

qwµm =
∫ R0S

0
VwdAR =

(
∆Pw

L(R)
− gw

)
π

8µw
R0S

4 (11)

Considering the effect of stress sensitivity, the maximum pore radius corresponding
to Rmax is RmaxS, the minimum pore radius corresponding to Rmin is RminS, and the critical
capillary radius corresponding to Rcr is RcrS. The initiation pressure gradient is a constant
value. By integrating Equation (11) from the capillary radius RminS to RcrS, a new water-
phase volume flow rate for the micropore characterization unit, which considers pore
radius tortuosity, initiation pressure gradient, and stress sensitivity, can be obtained:

Qwµm = n
∫ RcrS

RminS

(
∆Pw

L(R)
− gw

)
π

8µw
R4 f (R)dR =

πRDm
maxSDm

8µw

[
∆Pw

21−Dt LDt
0

(RDt−Dm+3
crS − RDt−Dm+3

minS )

Dt − Dm + 3
− gw

(R4−Dm
crS − R4−Dm

minS )

4 − Dm

]
(12)
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2.2. Establishment and Solution of Gas Flow Model for Micropore Characterization Unit

In micropores, the gas-phase flow is laminar, and the velocity distribution follows the
gas-phase continuity equation [17]:

µg

R
∂

∂R

(
R

∂Vgµm

∂R

)
=

∂P
∂z

(13)

where g denotes the gas phase; the other parameters have the same meaning as those
described for the water phase.

When the Knudsen number increases above 0.001, due to gas-gas and gas-solid interac-
tions, the kinetic energy transfer of gas molecules near the wall becomes complex. Some gas
molecules do not adhere completely to the pipe wall, exhibiting a slip phenomenon, which
significantly impacts gas transport [28]. Under conditions where the Knudsen number
is below 0.1, the second-order slip model [29] can accurately describe the slip velocity at
the wall.

Vgs = (A1λ
∂Vg

∂R
− A2λ2 ∂2Vg

∂R2 )
∣∣R=R0 (14)

where A1 and A2 are the first- and second-order slip coefficients, respectively, with A1
taking the value of 4/3 and A2 taking the value of 1/4 [29]; and λ is the mean free path of
gas molecules [30].

Considering the gas-phase slip effect, the gas-phase flow rate differs from the water-
phase flow rate (see Figure 3).
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where A1 and A2 are the first- and second-order slip coefficients, respectively, with A1 tak-
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Figure 3. Flow velocity distribution of single-phase gas in a micro-scale capillary tube.

Figure 3 shows the velocity profile of gas flowing through a micro-scale capillary,
taking into account slip effects, the initiation pressure gradient, and stress sensitivity. The
distribution highlights the nonlinear flow characteristics unique to tight gas reservoirs.

Thus, the boundary condition for single-phase gas flow can be expressed as follows:

∂Vgµm

∂R

∣∣∣∣∣
R=R0

= 0 , Vgµm

∣∣∣
R=R0

= Vw

∣∣∣
R=R0

+ Vgs

∣∣∣
R=R0

(15)

The slip effect, initiation pressure, and stress sensitivity in tight gas reservoirs are
significant and cannot be ignored. Similar to the water-phase model derivation, by intro-
ducing pore radius tortuosity based on fractal theory, the gas-phase velocity distribution
and gas-phase flow rate equation, which comprehensively consider boundary slippage,
initiation pressure, and stress sensitivity for micropores, can be obtained as follows:

Vgµm =
1

4µg

(
∆P
L

− gg

)(
R2

0S + 2A1λR0S − 2A2λ2 − R2
S

)
(16)

qgµm =
∫ R0S

0
VgµmdAR =

π

8µg

(
∆Pg

L(R)
− gg

)
(R0S

4 + 4A1λR0S
3 − 4A2λ2R0S

2) (17)

The extra first-order slip term and the second-order slip term account for the differ-
ences in the flow expressions due to slippage.

Considering the influence of stress sensitivity and assuming that the gas-phase initia-
tion pressure gradient is constant, by integrating the capillary radius from RcrS to RmaxS
in Equation (17), a new gas-phase volume flow rate for the micropore characterization
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unit, which comprehensively considers pore radius tortuosity, gas-phase initiation pressure
gradient, and stress sensitivity, can be obtained:

Qgum = n
∫ Rmax S

RcrS
qgµm f (R)dR =

πRDm
max SDm

8µg


∆Pg

21−Dt LDt
0

(
RDt−Dm+3

max S −RDt−Dm+3
crS

Dt−Dm+3 + 4A1λ
RDt−Dm+2

max S −R
DT−D f +2

crS
Dt−Dm+2 − 4A2λ2 RDt−Dm+1

max s −RDt−Dm+1
crS

Dt−Dm+1

)
−gg

(
R4−Dm

max S −R4−Dm
crS

4−Dm
+ 4A1λ

R3−Dm
max S −R3−Dm

crS
3−Dm

− 4A2λ2 R2−Dm
max s −R2−Dm

crS
2−Dm

)
 (18)

2.3. Relative Permeability Model

According to the gas–water two-phase flow distribution, the expression for water
saturation can be obtained as follows:

Sw =

∫ RcrS
RminS

πR2 f (R)dR∫ RmaxS
RminS

πR2 f (R)dR
=

Rcrs
−Dm+2 − RminS

−Dm+2

RmaxS
−Dm+2 − RminS

−Dm+2 (19)

In addition, flow rates in the water and gas phases can be expressed using the Darcy
expansion equation [25]:

Qwµm = −Kw

µw

A
Sw

∆Pw

L0
Qgµm = −

Kg

µg

A
(1 − Sw)

∆Pg

L0
(20)

By combining Equations (12) and (18)–(20), the effective permeability of water and gas
in micropores can be obtained, respectively:

Kw = −Sw
ϕ

(1 − ϕ)

RDm−2
maxS (2 − Dm)

8

[
∆Pw

21−Dt LDt−1
0

(RDt−Dm+3
crS − RDt−Dm+3

minS )

Dt − Dm + 3
− gw

L0

(R4−Dm
crS − R4−Dm

minS )

4 − Dm

]
(21)

Kg = −(1 − Sw)
ϕ

(1 − ϕ)

RDm−2
max S (2 − Dm)

8
×


∆Pg

21−Dt LDt−1
0

(
RDt−Dm+3

max S −RDt−Dm+3
crS

Dt−Dm+3 + 4A1λ
RDt−Dm+2

max S −R
DT−D f +2

crS
Dt−Dm+2 − 4A2λ2 RDt−Dm+1

max s −RDt−Dm+1
crS

Dt−Dm+1

)
− gg

L0

(
R4−Dm

max S −R4−Dm
crS

4−Dm
+ 4A1λ

R3−Dm
max S −R3−Dm

crS
3−Dm

− 4A2λ2 R2−Dm
max s −R2−Dm

crS
2−Dm

)
 (22)

When Equation (21) satisfies the condition Sw = 1, the absolute permeability of the
core can be obtained:

Kw = − ϕ

(1 − ϕ)

RDm−2
maxS (2 − Dm)

8

[
∆Pw

21−Dt LDt−1
0

(RDt−Dm+3
maxS − RDt−Dm+3

minS )

Dt − Dm + 3
− gw

L0

(R4−Dm
maxS − R4−Dm

minS )

4 − Dm

]
(23)

Therefore, the relative permeability of gas and water in the micropores of a tight
sandstone reservoir can be expressed as follows:

Krw = Sw

(
RDt−Dm+3

crS − MR4−Dm
crS

RDt−Dm+3
maxS − MR4−Dm

maxS

)
(24)

Krg =
(1 − Sw)

C3
RDt−Dm+3

max S
Dt−Dm+3 − C2

R4−Dm
max S

4−Dm


(

RDt−Dm+3
max S −RDt−Dm+3

crS
Dt−Dm+3 + 4A1λ

RDt−Dm+2
max S −R

DT−D f +2

crS
Dt−Dm+2 − 4A2λ2 RDt−Dm+1

max s −RDt−Dm+1
crS

Dt−Dm+1

)
−

C1

(
R4−Dm

max S −R4−Dm
crS

4−Dm
+ 4A1λ

R3−Dm
max S −R3−Dm

crS
3−Dm

− 4A2λ2 R2−Dm
max s −R2−Dm

crS
2−Dm

)
 (25)

where M = gw
L0

Dt−Dm+3
4−Dm

21−Dt LDt−1
0

∆Pw
, C1 = gg

21−Dt LDt−2
0

∆Pg
, C2 = gw

21−Dt LDt−2
0

∆Pg
, C3 = ∆Pw

∆Pg
.

3. Nanopore Flow Model

Nanopores are widely present in tight sandstone, and due to their hydrophilic na-
ture, film flow is a common pattern in hydrophilic nanopores. This must be considered
in nanopores [27]. In this section, a two-phase gas–water flow model in nanopores is
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established, considering the gas slippage effect, water film thickness, and the high-viscosity
water film layer. The model also considers stress sensitivity and initiation pressure gradient.

3.1. Establishment and Solution of Water Flow Model for Nanopore Characterization Unit

The flow in nanopores is more complex, with more pronounced boundary layer effects.
The contact between the water phase and the solid phase can be divided into a high-
viscosity water phase and a conventional-viscosity water phase [31]. A schematic diagram
of single-phase water flow in hydrophilic nanopores is shown in Figure 4a. It is assumed
that the water phase with conventional viscosity is located away from the pore wall, with a
radius of Rδ, while the high-viscosity water phase is near the pore wall, with a radius of
R0 − Rδ. A schematic diagram of gas–water two-phase flow in hydrophilic nanopores is
shown in Figure 4b. The gas phase is in the center of the capillary, with a radius of Rgw.
Near the gas phase is the conventional-viscosity water phase, with a thickness of Rδ − Rgw,
and near the pore wall is the high-viscosity water phase, with a thickness of R0 − Rgw.
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Figure 4. Velocity distribution in nanopores. (a) Velocity distribution of single-phase water in
nanopores. (b) Velocity distribution of gas and water phases in nanopores.

These schematic diagrams illustrate the flow dynamics within hydrophilic nanopores,
considering the boundary layer effects and differences in viscosity near the pore walls,
which are crucial for understanding fluid behavior at the nanometer scale.

The flow of each phase fluid in various regions of a nanotube still satisfies the Hagen–
Poiseuille equation [17]. After applying the boundary conditions, the governing equations
for the conventional-viscosity water phase and the high-viscosity water phase can be
expressed as follows, respectively:

V1w = −∆P
L

1
4µw1

R2 + Aw1, R ∈ [Rgw, Rδ], V2w = −∆P
L

1
4µw2

R2 + Aw2, R ∈ [Rδ, R0] (26)

Under strongly hydrophilic conditions, µw2 = 3.25µw1 [32]; A is a constant; and the
subscripts w1, w2 denote the regular-viscosity water-phase region and the high-viscosity
water-phase region, respectively. If Rgw = 0, it means that single-phase water flow is
occurring in the capillary.

The boundary conditions satisfy velocity continuity, conservation of mass, and a
shear relationship: 

V1w
∣∣R=Rδ

= V2w
∣∣R=Rδ

µw1
∂V1w
∂R

∣∣R=Rδ
= µw2

∂V2w
∂R

∣∣R=Rδ

V2w
∣∣R=R0 = 0

(27)

Combining Equations (26) and (27), the velocity equations for the conventional-
viscosity water phase and the high-viscosity water phase can be obtained. The initiation
pressure and stress sensitivity in tight gas reservoirs, especially in nanopores, cannot be
ignored. Based on the derivation in the previous section, stress sensitivity is represented by
a power–law relationship that characterizes the relationship between pore radius and pres-
sure as in Equation (2). The water-phase velocity distribution in the conventional-viscosity
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and high-viscosity water-phase regions of nanopores, considering initiation pressure and
stress sensitivity, can be obtained as follows:

V1w =

(
∆P
L

− gw

)(
RδS

2 − R2
S

4µw1
+

R0S
2 − RδS

2

4µw2

)
, RS ∈ [RgwS, RδS] (28)

V2w =

(
∆P
L

− gw

)
1

4µw2

(
R2

0S − R2
S

)
, RS ∈ [RδS, R0S] (29)

In the above equation, RδS, RgwS, R0S, and RS correspond to the aperture diameters of
Rδ, Rgw, R0, and R under stress sensitivity, respectively, m.

By integrating the capillary radius in the respective water-phase regions in
Equations (28) and (29), and considering that the capillary radius and tortuosity follow
fractal theory, the water-phase flow rate formula in nanopores, accounting for initiation
pressure and stress sensitivity, can be obtained as follows:

qwnm =
∫ RδS

RgwS

V1wdAr +
∫ R0S

RδS

V2wdAr =

(
∆Pw

L(R)
− gw

)π(RδS
2 − RgwS

2)
2

8µw1
+

π
[

R0S
4 − RδS

4 − 2(R0S
2 − RδS

2)RgwS
2
]

8µw2

 (30)

When there is only single-phase water flow in the capillary, Rgw = 0, the water-phase
equation can be simplified as

qwnm =
∫ RδS

0
V1wdAR +

∫ R0S

RδS

V2wdAR =

(
∆Pw

L(R)
− gw

)(
πRδS

4

8µw1
+

π(R0S
4 − RδS

4)

8µw2

)
(31)

For gas–water two-phase flow in hydrophilic tight sandstone pores, it is assumed
that there is a critical capillary radius Rcr. When R < Rcr, there is a single-phase water
flow pattern; when R > Rcr, the capillary exhibits a “gas core water film” flow pattern [16].
Therefore, the water saturation of the nanopore characterization unit can be expressed
as follows:

Sw =
n
∫ RcrS

RminS
πR2

S f (R)dR + n
∫ RmaxS

RcrS
π(R2

S − R2
gwS) f (R)dR

n
∫ RmaxS

RminS
πR2

S f (R)dR
(32)

Based on the assumption, the volume flow rate of the water phase consists of single-
phase water flow with pore radius R < Rcr and water film flow with pore radius R > Rcr. The
water-phase volume flow rate can be derived from Equations (7) to (8) and Equations (30)
to (31). Based on the assumption, the volume flow rate of the water phase consists of
two parts:

Qwnm = n
∫ rmax S

rmin S
qwnm f (R)dR =

πRDm
max SDm

8
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21−Dt LDt
0
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R4

δS
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+
R4

S−R4
δS

µw2

)
RDt−Dm−2

S dRS

+
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RcrS

( (
R2

δS−R2
gwS

)2

µw1
+

[
R4
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δS−2(R2
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δS)R2

gwS

]
µw2
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S dRS
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∫ RcrS

Rmin S

(
R4

δS
µw1

+
R4

S−R4
δS

µw2

)
R−Dm−1

S dRS

+
∫ Rmax S

RcrS

( (
R2

δS−R2
gwS

)2

µw1
+

[
R4

S−R4
δS−2(R2

S−R2
δS)R2

gwS

]
µw2

)
R−Dm−1

S dRS




(33)

The above equation represents the water-phase volume flow rate for the nanopore char-
acterization unit, comprehensively considering pore radius tortuosity, initiation pressure
gradient, and stress sensitivity.

3.2. Nanopore Characterization Unit Gas Flow Model and Solution

For gas flow in nanotubes, the fluid still satisfies the Hagen–Poiseuille equation [17],
and the governing equation for the gas phase is

Vgnm = −∆P
L

1
4µg

R2 + Ag, R ∈ [0, Rgw] (34)
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where subscript g denotes the gas-phase region, and there is single-phase flow when Rgw = 0.
The boundary conditions satisfy velocity continuity and mass conservation:{ ∂Vgnm

∂R |R=0 = 0
Vgnm

∣∣∣R=Rgw = V1w

∣∣∣R=Rgw + Vgs

∣∣∣R=Rgw

(35)

where Vs is the slip velocity at the wall, m/s. Since the slip effect of the gas is not negligible
when the Knudsen number is greater than 0.01, the slip boundary condition proposed by
Karnidakis et al. [29] is adopted here. It can characterize gas transport across the entire
range of Knudsen numbers:

Vs =
λ

1 − cλ

2 − τv

τv
(

∂Vgnm

∂R
)
∣∣Rwall (36)

where c is the slip coefficient, c = −1, with second-order accuracy; τv is the tangential mo-
mentum coordination coefficient, τv = 1; and λ is the mean free path of gas molecules [31].

As discussed in the previous section, there is an initiation pressure gradient at the point
of gas–liquid contact in tight gas reservoirs. Considering stress sensitivity (Equation (2)),
and combining Equations (34), (36), and the boundary condition Equation (35), a new
expression for gas-phase velocity in nano-scale pores can be obtained:

Vgnm =

(
∆P
L

− gg

)
1

4µg

(
R2

gwS +
2λ

1 − cλ

2 − τv

τv
RgwS − RS

2
)
+

(
∆P
L

− gg

)(RδS
2 − R2

gwS

4µw1
+

R0S
2 − RδS

2

4µw2

)
, RS ∈ [0, RgwS] (37)

By integrating the above equation over the corresponding capillary radius regions and
considering the influence of tortuosity, the gas-phase flow rate in a single nanopore can be
obtained:

qgnm =
∫ RgwS

0
VgnmdARS =

(
∆Pg

L(RS)
− gg

)
π

8µg

(
R4

gwS +
4λ

1 − cλ

2 − τv

τv
R3

gwS

)
+

(
∆Pg

L(RS)
− gg

)
π

4µw1
(R2

δS − R2
gwS)R2

gwS +

(
∆Pg

L(RS)
− gg

)
π

4µw2
(R2

0S − R2
δS)R2

gwS (38)

Considering the effect of stress sensitivity and assuming a constant initiation pressure
gradient for the gas phase, capillaries with a radius smaller than Rcr are primarily single-
phase water flow, while those with a radius larger than Rcr exhibit gas flow [26]. The
influence of the water film in nanopores cannot be ignored. By integrating Equation (38)
over the capillary radius from RcrS to RmaxS, a new expression for the gas-phase volume
flow rate in a nanopore, considering tortuosity, gas-phase initiation pressure gradient, and
stress sensitivity, can be obtained:

Qgnm = n
∫ Rmax S

RcrS
qgnm f (RS)dRS ==

πRDm
max SDm

8


∆Pg

21−Dt LDt
0

∫ Rmax S
RcrS

 1
µg

(
R4

gwS +
4λ

1−cλ
2−τv

τv
R3

gwS

)
+

2
µw1

(
R2

δS − R2
gwS

)
R2

gwS +
2

µw2

(
R2

S − R2
δS
)

R2
gwS

RS
Dt−Dm−2dRS

−gg
∫ Rmax S

RcrS

 1
µg

(
R4

gwS +
4λ

1−cλ
2−τv

τv
R3

gwS

)
+

2
µw1

(
R2

δS − R2
gwS

)
R2

gwS +
2

µw2

(
R2

S − R2
δS
)

R2
gwS

R−Dm−1
S dRS


(39)

3.3. Relative Permeability Model

The water saturation of the characterization unit is obtained from Equation (32):

Sw = (2 − Dm)

∫ RcrS
RminS

R−Dm+1
S dRS +

∫ RmaxS
RcrS

(R2
S − R2

gwS)R−Dm+1
S dRS

(R−Dm+2
maxS − R−Dm+2

minS )
(40)

where Kg and Kw are the effective permeability of the gas and water phases, respectively,
mD; and A is the cross-sectional area of the characterization unit, m3.

According to Equations (20) and (33), the effective permeability of the water and gas
phases of the characterization unit can be obtained, respectively, as follows:
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Kw = −
Sw µw1 πRDm

max S Dm

8A


∆Pw

21−Dt LDt−1
0


∫ RcrS

Rmin S

(
R4

δS
µw1

+
R4

S−R4
δS

µw2

)
RDt−Dm−2

S dRS

+
∫ Rmax S

RcrS

( (
R2

δS−R2
gwS

)2

µw1
+

[
R4

S−R4
δS−2(R2

S−R2
δS)R2

gwS

]
µw2

)
RDt−Dm−2

S dRS

− gw

L0


∫ RcrS

Rmin S

(
R4

δS
µw1

+
R4

S−R4
δS

µw2

)
R−Dm−1

S dRS

+
∫ Rmax S

RcrS

( (
R2

δS−R2
gwS

)2

µw1
+

[
R4

S−R4
δS−2(R2

S−R2
δS)R2

gwS

]
µw2

)
R−Dm−1

S dRS


 (41)

Kg = −
(1 − Sw )µgi πRDm

max S Dm

8A


∆Pg

21−Dt LDt−1
0

∫ Rmax S

RcrS

 1
µg

(
R4

gwS + 4λ
1−cλ

2−τv
τv

R3
gwS

)
+

2
µw1

(
R2

δS − R2
gwS

)
R2

gwS + 2
µw2

(
R2

S − R2
δS
)

R2
gwS

RS
Dt−Dm−2 dRS −

gg

L0

∫ Rmax S

RcrS

 1
µg

(
R4

gwS + 4λ
1−cλ

2−τv
τv

R3
gwS

)
+

2
µw1

(
R2

δS − R2
gwS

)
R2

gwS + 2
µw2

(
R2

S − R2
δS
)

R2
gwS

R−Dm−1
S dRS

 (42)

When Sw = 1 and RgwS = 0, single-phase water flow is found in the nanopore, and the
absolute permeability of the nanopore characterization unit can be obtained as follows:

K = − Sw

A
µw1

πRDm
maxSDm

8

{
∆Pw

21−Dt LDt−1
0

[∫ RmaxS

RminS

(
R4

δS
µw1

+
R4

S − R4
δS

µw2

)
RDt−Dm−2

S dRS

]
− gw

L0

[∫ RmaxS

RminS

(
R4

δS
µw1

+
R4

S − R4
δS

µw2

)
R−Dm−1

S dRS

]}
(43)

According to Equation (43), the relative permeability of the water phase of the
nanopore characterization unit can be obtained as follows:

KRw = KRwcr + KRwm = Sw

∫ RcrS
Rmin S

(
R4

δS
µw1

+
R4

S−R4
δS

µw2

)
RDt−Dm−2

S dRS−C1
∫ RcrS

Rmin S

(
R4

δS
µw1

+
R4

S−R4
δS

µw2

)
R−Dm−1

S dRS[∫ Rmax S
Rmin S

(
R4

δS
µw1

+
R4

S−R4
δS

µw2

)
RDt−Dm−2

S dRS

]
−C1

[∫ Rmax S
Rmin S

(
R4

δS
µw1

+
R4

S−R4
δS

µw2

)
R−Dm−1

S dRS

] + Sw×

∫ Rmax S
RcrS


(

R2
δS−R2

gwS

)2

µw1
+

[
R4

S−R4
δS−2(R2

S−R2
δS)R2

gwS

]
µw2

RDt−Dm−2
S dRS−C1

∫ Rmax S
RcrS


(

R2
δS−R2

gwS

)2

µw1
+

[
R4

S−R4
δS−2(R2

S−R2
δS)R2

gwS

]
µw2

R−Dm−1
S dRS

[∫ Rmax S
Rmin S

(
R4

δS
µw1

+
R4

S−R4
δS

µw2

)
RDt−Dm−2

S dRS

]
−C1

[∫ Rmax S
Rmin S

(
R4

δS
µw1

+
R4

S−R4
δS

µw2

)
R−Dm−1

S dRS

]
(44)

where C1 = gw21−Dt LDt−1
0 /(∆PwL0); and KRwcr and KRwm, respectively, represent the water-

phase seepage contributed by pores with a radius smaller than Rcr and by pores with a
radius larger than Rcr.

According to Equations (42) and (43), the relative permeability of the gas phase of the
nanopore characterization unit can be obtained:

KRg = (1 − Sw)
µgi
µw1

C2
∫ Rmax S

RcrS

[
1

µg

(
R4

gwS+
4λ

1−cλ
2−τv

τv
R3

gwS

)]
RS

Dt−Dm−2dRS−C3
∫ Rmax S

RcrS

[
1

µg

(
R4

gwS+
4λ

1−cλ
2−τv

τv
R3

gwS

)]
R−Dm−1

S dRS[∫ Rmax S
Rmin S

(
R4

δS
µw1

+
R4

S−R4
δS

µw2

)
RDt−Dm−2

S dRS

]
−C1

[∫ Rmax S
Rmin S

(
R4

δS
µw1

+
R4

S−R4
δS

µw2

)
R−Dm−1

S dRS

] +

C2
∫ Rmax S

RcrS

[
2

µw1

(
R2

δS−R2
gwS

)
R2

gwS+
2

µw2
(R2

S−R2
δS)R2

gwS

]
RS

Dt−Dm−2dRS−C3
∫ Rmax S

RcrS

[
2

µw1

(
R2

δS−R2
gwS

)
R2

gwS+
2

µw2
(R2

S−R2
δS)R2

gwS

]
R−Dm−1

S dRS[∫ Rmax S
Rmin S

(
R4

δS
µw1

+
R4

S−R4
δS

µw2

)
RDt−Dm−2

S dRS

]
−C1

[∫ Rmax S
Rmin S

(
R4

δS
µw1

+
R4

S−R4
δS

µw2

)
R−Dm−1

S dRS

]


(45)

where C2 = ∆Pg/∆Pw, C3 = gg21−Dt LDt−1
0 /(∆PwL0).

3.4. Relative Permeability Model Validation

Although this study presents flow rates characterized by pore units of different scales,
accurately measuring microscopic flow in both nanopores and micropores remains chal-
lenging. From a theoretical perspective and based on the derivation process, flow rate and
relative permeability are closely related. Therefore, the derived two-phase flow relative
permeability is used for model validation.

This section first compares the established micropore and nanopore relative perme-
ability models with experimental and simulated gas–water relative permeability data
from various sources. This comparison aims to verify the reliability of the micropore and
nanopore relative permeability models.

The fractal dimension of the pore size distribution (Dm) and the fractal dimension of
the tortuosity (Dt) are obtained from Equations (5) and (9). Some parameter values can be
obtained based on experimental results. In the absence of experimental conditions, they can
also be derived from previous research findings. The basis for gathering key parameters is
elaborated as follows:

1⃝ Experimental Data and Previous Research: The values of key parameters such as
pore radius, viscosity, and slip coefficients are derived from experimental studies and vali-
dated research findings. For example, the molecular diameter of methane (4.14 × 10−9 m)
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and the viscosities of gas and water phases (1.001 × 10−5 Pa·s and 1.2053 Pa·s, respectively)
are consistent with the values reported in the literature [31,32].

2⃝ Fractal Theory and Permeability Models: Parameters related to pore structure, such
as the fractal dimension (Dt) and tortuosity, are based on fractal theory, which effectively
characterizes the complex geometry of pore networks in tight sandstone. These parameters
are calculated using equations derived from fractal geometry [23,24].

3⃝ Stress Sensitivity and Initiation Pressure Gradient: The stress sensitivity coefficients
(Φs and ks) and initiation pressure gradients (0.005 MPa/m for water and 0.0002 MPa/m
for gas) are selected based on stress experiments on tight reservoirs and the specific charac-
teristics of fluid flow in nano- and micro-scale pores [20]. These parameters are critical for
accurately representing the non-Darcy flow behavior observed in tight reservoirs.

4⃝ Slip Effects: The slip coefficients (A1 = 4/3 and A2 = 1/4) are taken from well-
established slip models applicable to gas flow in nano- and micropores [29]. These coeffi-
cients are crucial for modeling enhanced gas flow due to slip effects at low pressures.

5⃝ Capillary Forces and Water Film Thickness: The influence of capillary forces and
water film thickness is incorporated using experimentally measured values of water film
thickness (1 to 20 nm) and critical capillary radius, which are crucial for understanding
fluid flow in hydrophilic nanopores [27].

The relevant calculation parameters are shown in Table 1.

Table 1. Calculation parameter information.

Parameter Symbol Unit Value

Boltzmann constant kb J/K 1.3806505 × 10−23

Molecular diameter of methane d m 4.14 × 10−9

Experimental temperature T K 400.15
Experimental pressure Pave MPa 0.16

First-order slip coefficient A1 Dimensionless 1.33
Second-order slip coefficient A2 Dimensionless 0.25

Characteristic length of water molecule λw m 1.50 × 10−9

Gas viscosity at standard conditions µgi Pa·s 1.001 × 10−5

Bulk water viscosity µw1 Pa·s 1.2053
High-viscosity-region water viscosity µw2 Pa·s 3.8547

Universal gas constant R J/(mol.K) 8.314462
Molar mass of methane M Kg/mol 1.6 × 10−2

Absolute temperature T K 298.15
Rarefied gas effect fitting constant χ1 Dimensionless 4

Universal slip coefficient c Dimensionless −1
Rarefied gas effect coefficient at Kn→∞ χ0 Dimensionless 1.19

Critical temperature of methane Tc K 190.6
Critical pressure of methane Pc MPa 4.6

Real gas effect fitting constant A1 Dimensionless 7.9
Real gas effect fitting constant A2 Dimensionless 9.00 × 10−6

Real gas effect fitting constant A3 Dimensionless 0.28
Porosity stress sensitivity coefficient Φs Dimensionless 0.01

Permeability stress sensitivity coefficient ks Dimensionless 0.855
Water-phase starting pressure gradient gw MPa/m 0.005
Gas-phase starting pressure gradient gg MPa/m 0.0002

Atmospheric pressure Pi MPa 0.1

The relative permeability model for micron-sized pores established in this study is
validated by comparing the relative permeability curves obtained from the model with
gas–water relative permeability results obtained from existing studies in the literature,
derived through experiments and simulations, as shown in Figure 5.
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Figure 5. Comparison of gas–water relative permeability curves for micropore models with experi-
mental results and other analytical models.

Jerauld and Salter [33] tested the relative permeability of Berea sandstone, which has a
porosity of 0.24 and a high hydrophilic quartz content of 80%. We found that our model’s
results align closely with their experimental data, especially at low water saturations. This
improved fit is due to our consideration of gas slippage effects and stress sensitivity, which
were not accounted for in their model.

Piquemal [34] used a direct method to process experimental data and obtain gas–water
relative permeability. Similarly, our model validates well against Piquemal’s experimental
data [34], demonstrating the robustness of our approach in capturing the intricate gas–water
flow dynamics in tight sandstone.

Satik [35] and Mahiya [36] employed a steady-state method combined with an
X-ray CT scanner to obtain relative permeability curves for steam and liquid water. Their
experiments were conducted on Berea sandstone cores, with a maximum experimental
pressure of 27 psi. Our model shows a strong correlation with the results from Satik [34]
and Mahiya [36], particularly in capturing the steam–water flow characteristics, due to our
comprehensive consideration of gas slippage and stress sensitivity.

Xu et al. [25] established an analytical model for assessing gas–water relative perme-
ability in conventional porous media using fractal theory, but their model did not consider
gas slippage, water film, and multi-layer adsorption effects. As shown in Figure 5, the
model established in this paper closely matches experimental data from different references
and provides a better fit than the model by Xu et al. [25]. This is primarily because their
model did not account for gas slippage effects, resulting in significant errors at low water
saturation levels.

This comparative analysis indicates that the micron-sized pore relative permeability
model constructed in this paper aligns well with experimental data, especially at low water
saturation levels. Compared to Xu et al.’s model [25], this study considers more influencing
factors, resulting in more accurate predictions of gas-phase relative permeability.

Yassin et al. [37] measured the gas relative permeability curves for a tight gas reservoir
with a porosity of 0.043. Using a centrifuge, they desaturated initially fully water-saturated
samples to achieve different water saturations. The samples were then subjected to 2000 psi
confining pressure and 1000 psi pore pressure at room temperature, and gas relative per-
meability at different saturations was obtained using a pulse decay permeameter. Multiple
tests were conducted to determine the gas relative permeability at various water satu-
rations. The irreducible water saturation Sw0 was assumed to be the immobile part of
the rock framework, and normalized water saturation Swn = (Sw − Sw0)/(1 − Sw0) was
used for processing and validation. The gas-phase relative permeability curve obtained
from the nanometer-scale pore relative permeability model established in this study was
compared with Yassin et al.’s [37] results, as shown in Figure 6. The results calculated using
Equation (45) show relatively good agreement with the experimental results.
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Figure 6. Comparison of gas relative permeability for nanopore model with experimental results
(normalized) [37].

The validation above indicates that the model proposed in this paper can reason-
ably describe the complex gas–water two-phase flow characteristics in tight gas reservoirs
with micro-scale and nano-scale pores. However, due to the limited experimental valida-
tion points for nanopores, the model’s reliability will be further studied as experimental
conditions are optimized in future research.

The key differences and advantages of our model include the incorporation of gas
slippage effects and stress sensitivity, the integration of fractal theory, and a comprehensive
approach that includes initiation pressure gradients, water film mechanisms, and pore
tortuosity. These considerations result in more accurate predictions of gas-phase relative
permeability and better alignment with experimental data.

4. Tight Gas Reservoir Productivity Study

The use of massive hydraulic fracturing techniques near horizontal wells to create a
complex fracture network can improve the fluid flow properties in the vicinity of the well-
bore, making it an effective method for enhancing the development of tight gas reservoirs.

4.1. Physical Modeling and Assumptions for Fractured Horizontal Wells

For tight gas reservoirs that have undergone hydraulic fracturing in horizontal wells,
the reservoir structure is divided into three parts: main fractures, fracture networks, and
the matrix. In response to the characteristics of reservoir structures formed after massive
hydraulic fracturing in horizontal wells, this study proposes a composite flow model aimed
at accurately predicting and analyzing the productivity of tight gas reservoirs. This model
fully considers the complex fracture network structure formed around horizontal wells
through massive fracturing.

Establishing a composite flow model for low-permeability tight gas reservoirs requires
subdividing the area. One-quarter of the control area of a single fracture is taken as the
research object and divided into three main regions: the main fracture area (Region I), the
fractured network stimulated area (Region II), and the unstimulated area (Region III) (see
Figure 7).

1⃝ Fracture Area (Region I): Fluid flows linearly along the fracture into the horizon-
tal well.

2⃝ Fracture Network Stimulated Area (Region II): Serving as a dual-porosity medium
superimposed with matrix and fracture networks, fractures are unevenly distributed along
the horizontal direction, with their density decreasing with distance. Fluid mainly flows
into the main fracture along the y-axis direction.

3⃝ Unstimulated Area (Region III): The outer periphery of the reservoir, where fluid
converges through the tips of fractures into the main fracture, exhibiting non-Darcy flow.
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Figure 7. Composite seepage model of non-uniform fracture network structure in fractured horizontal
wells. (The red arrow points to an enlarged view of the localized 1/4 area.)

The model is applicable for evaluating the productivity of water-bearing tight gas
reservoirs, which often develop micro- and nanopores of different scales. In tight gas
reservoirs with high water saturation, gas and water coexist in the pores without mass
transfer between them. The model assumptions are as follows:

1⃝ The reservoir is horizontally distributed, homogeneous, and of uniform thickness;
2⃝ The fluid within the reservoir and fractures is assumed to be single-phase fluid,

isothermal, and under a steady-state flow, with gravity and capillary forces being neglected;
3⃝ The water phase in the gas reservoir can flow continuously, exhibiting gas–water

two-phase flow, without considering miscible flow;
4⃝ Region II is considered a complex reservoir with a fractal dimension D, representing

the complex distribution of the fracture network in Euclidean space;
5⃝ The pressure loss along the horizontal wellbore is assumed to be negligible; the

model will consider the pressure sensitivity of fractures and the effect of the initiation
pressure gradient;

6⃝ The artificial fractures are perpendicular to the horizontal wellbore, and all fracture
lengths are equal;

7⃝ The horizontal well produces flow at a fixed bottom-hole pressure, with the hor-
izontal segment located in the center of the reservoir: gas flows from the unmodified
boundary area into the fracture network area, and then from the fracture network area into
the main fracture.

Limitations and Assumptions of This Study

However, to simplify the model and computations, several assumptions have been
made, which inherently introduce certain limitations.

1⃝ We assume that the reservoir is horizontally distributed, homogeneous, and of
uniform thickness. This assumption might not fully reflect the actual heterogeneity of the
reservoir, which can significantly affect fluid flow dynamics. Variations in rock properties
and pore structures are not accounted for, potentially leading to discrepancies between the
model predictions and actual field performance.

2⃝ The fluid within the reservoir and fractures is considered to be single-phase fluid,
isothermal, and under a steady-state flow, with gravity and capillary forces being neglected.
In reality, temperature variations and transient flow conditions can influence fluid prop-
erties and behavior. Neglecting gravity and capillary forces may oversimplify the flow
dynamics, particularly in regions where capillary pressure effects are substantial.
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3⃝ The model assumes continuous gas–water two-phase flow without considering
miscible flow. This simplification might overlook the interactions between gas and water
phases, which can impact relative permeability and flow behavior. The complexity of
the fracture network is modeled using a fractal dimension representing its complexity in
Euclidean space. While this captures some aspects of fracture complexity, it might not fully
represent the actual heterogeneity and connectivity of natural fracture networks.

4⃝ The pressure sensitivity of fractures and the effect of the initiation pressure gradient
are considered, but with the assumption that these gradients are constant. This may not
reflect real field conditions, where initiation pressure gradients can vary with reservoir
pressure and fluid properties. The artificial fractures are assumed to be perpendicular to
the horizontal wellbore and of equal length. In practice, variations in hydraulic fractures
can significantly influence flow patterns and productivity, which our model may not
fully capture.

4.2. Productivity Model of Tight Gas Reservoirs
4.2.1. Constraint Conditions

When gas and water flow in the pores, they form a specific interface shape, such as
a crescent shape. The pressure difference between the two sides of the interface is the
capillary force, expressed as follows:

pc = p0g − p0w (46)

4.2.2. Gas Productivity Model

(1) Region III
Regarding gas and water flowing together, an apparent permeability model has

previously been established for the unstimulated zone, considering slip effects (Knud-
sen diffusion), stress sensitivity (the effect of effective stress on permeability), and the
mechanism of water presence at the micrometer–nanometer scale. Therefore, the average
apparent permeability of gas in the matrix pores in the unreformed boundary zone can be
obtained [38]:

k3g =
Φe

τ

(RS − hδw)
2

8
(1 + αKn)

(
1 +

4Kn
1 + Kn

)
(47)

The relationship between absolute permeability and pore radius can be expressed as
follows [39]:

K(P) =
ϕ(P)R2

s
8τ

(48)

Since it is a gas–water two-phase flow, introducing relative permeability gives

k3g = k1gk1rg
(RS − hδw)

2

R2
S

(1 + αKn)
(

1 +
4Kn

1 + Kn

)
(49)

In the previous sections, relative permeability models for gas in micropores and
nanopores were established. To integrate nanopores and micropores and reasonably char-
acterize the overall relative permeability, the concept of nanopore percentage is introduced.
Let the nanopore percentage be denoted by χ; then, the micropore percentage is χ. Com-
bining the relative permeability equations for gas in different pore sizes (Equations (45)
and (25)) gives

k1rg = χkrg−nm + (1 − χ)krg−µm (50)

where krg nm is the nano-scale gas relative permeability, which can be obtained from
Equation (45); krg-µm is the nano-scale gas relative permeability, which can be obtained
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using Equation (25). Combining Equations (49) and (50), the permeability of the gas phase
in the unstimulated area is obtained as follows:

k3g = k1g
[
χkrg−nm + (1 − χ)krg−µm

] (RS − hδw)
2

R2
S

(1 + αKn)
(

1 +
4Kn

1 + Kn

)
(51)

For the two-phase flow of gas and water, the gas-phase pressure in Region III can be
expressed as

m3g = m0g +
mi − m0g

ln(2xe/w)
ln

2r
w

(52)

The corresponding gas productivity in Region III is

q3g =
πk3gTsch

[
mi − m0g − G∗(xe − w/2)

]
pscT ln(2xe/w)

(53)

Simplifying the pseudo-pressure in Region III gives

m3g = 2
∫ p3g

pw

p3g

µgZ
dp3g ≈

p2
3g − p2

w

µgZ
(54)

Substituting Equation (55) into Equation (54), we obtain

q3g = πk3gTsch

[
p2

i − p2
0g

µgZ
−

p0gGg

µgZ

(
xe −

w
2

)]/[
pscT ln

(
2xe

w

)]
(55)

If we assume that Ω3g = pscT ln(2xe/w)

πk3gTsch
, then q3g =

(
p2

i −p2
0g

µgZ
− p0gG

µgZ

(
xe − w

2
))/

Ω3g .

(2) Region II
Fractal theory is also introduced to describe the complexity of the fracture network.

Therefore, the corrected gas permeability in the fracture network stimulated area is

k2g = k2rg

(
x

w/2

)D−2−θ(
aSwk2geα(mi−m2g) + b

)(
1 +

3πc
16k2g

µgDp

m2g

)(
1 +

d
m2g

)
(56)

For the two-phase flow of gas and water, the expression for gas-phase pressure in
Region II based on the mathematical model can be obtained as

m2g = mi +
mi −

(
mw + m0g

)
/2

xe3+θ−D − (w/2)3+θ−D

(
x3+θ−D − xe

3+θ−D
)

(57)

The corresponding Region II gas productivity expression is

q2g =
k2g

2
Tscy f h
pscT

(3 + θ − D)
[
mi −

(
mw + m0g

)
/2
]

w
2

[(
xe

w/2

)3+θ−D
− 1
] (58)

Simplifying the pseudo-pressure for Region II gives

m2g = 2
∫ p2g

pw

p2g

µgZ
dp2g ≈

p2
2g − p2

w

µgZ
(59)

Substituting Equation (59) into Equation (58), we obtain
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q2g =
k2g

2
Tscy f h
pscT

{
(3 + θ − D)

(
p2

i − p2
w

µgZ
− 1

2

(
p2

w + p2
0g

µgZ

))}/{
w
2

[(
xe

w/2

)3+θ−D
− 1

]}
(60)

If we assume that Ω2g = w
2

[(
xe

w/2

)3+θ−D
− 1
]

2pscT
k2gTscy f h(3+θ−D)

, then

q2g =

(
p2

i −p2
w

µgZ
− 1

2

(
p2

w+p2
0g

µgZ

))/
Ω2g .

(3) Region I
The relative permeability of the gas phase will affect productivity, and the water

saturation will also affect the stress sensitivity. Therefore, the permeability of the gas phase
in the main fracture zone needs to be corrected:

k1g = k1rg

(
aSwk1geα(mi−m1g) + b

)(
1 +

3πc
16k1g

µgDp

m1g

)(
1 +

d
m1g

)
(61)

where k1rg is the relative permeability of the gas phase in the main fracture area, dimen-
sionless. For gas–water two-phase flow, the seepage mathematical model is

∂2m1g
∂y2 = 0

m1g

∣∣∣y=y f = m0g , m1g
∣∣y=0 = mw

(62)

The pressure expression for the gas at the end of the main fracture is

m1g = mw +
m0g − mw

y f
y (63)

The gas productivity for Region I is

q1g = Tsck1gwh
(
m0g − mw

)
/4pscTy f (64)

Simplifying the pseudo-pressure for Region I gives

m1g = 2
∫ p1g

pw

p1g

µgZ
dp1g ≈

p2
1g − p2

w

µgZ
(65)

Substituting Equation (65) into Equation (64), we obtain

q1g =
Tsck1gwh
4pscTy f

p2
0g − p2

w

µgZ
(66)

If we assume that Ω1g = 4pscTy f /
(

Tsck1gwh
)

, then q1g =
(

p2
0g − p2

w

)
/Ω1g.

4.2.3. Gas Productivity of Multi-Stage Fracturing Horizontal Well

In the hydraulic fracturing horizontal well model of tight gas reservoirs, the flow in
the main fracture includes two parts: Region III and Region II. Therefore, the gas flow rate
formula is

q1g = q2g + q3g (67)

Substituting each region’s gas productivity into Equation (67), we obtain(
p2

i −p2
0g

µgZ
− p0gGg

µgZ

(
xe − w

2
))

Ω3g
+

(
p2

i −p2
w

µgZ
− 1

2

(
p2

w+p2
0g

µgZ

))
Ω2g

=
p2

0g − p2
w

Ω1g
(68)
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The pressure expression for the gas at the end of the main fracture is

p0g =
1

2A

[
−B
(

xe −
w
2

)
+

√
B2
(

xe −
w
2

)2
− 4AC

]
(69)

where A =
µgZ
Ω1g

+ 0.5
Ω2g

+ 1
Ω3g

, B =
Gg

Ω3g
, C = −

(
µgZ
Ω1g

+
p2

i −1.5p2
w

Ω2g
+

p2
i

Ω3g

)
.

The equation for the gas-phase flow rate in Region I can thus be obtained. Since the
fluid in Region I eventually converges into the horizontal wellbore, the expression for the
gas production of a single fractured horizontal well is

qg = 4q1g = 4
p2

og − p2
w

Ω1
=

 1
A2

[
−B
(

xe −
w
2

)
+

√
B2
(

xe −
w
2

)2
− 4AC

]2

− p2
w


/

Ω1 (70)

The distribution of the main fractures in a segmented multi-stage fractured horizontal
well is shown in Figure 8. According to their positions in the horizontal wellbore, the
main fractures can be divided into end fractures, fractures at the ends of segments, and
intra-cluster fractures.
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Let xa be the distance between fractures and segment boundary; xb be the spacing
between segments; and xc be the inter-cluster spacing. Considering the horizontal well is
divided into n fracturing segments, each containing m fracturing clusters, the total number
of main fractures is NF = m × n. When calculating the contribution of a single fracture to
production, xe represents half of the spacing between the main fractures. Therefore, the
total production of the entire fractured horizontal well can be calculated by replacing the
fracture spacing with the appropriate fracture spacing. The formula for this is as follows:

Q = n(m − 1)qg(xc) + (n − 1)qg(xb) + qg(xa) (71)

4.2.4. Model Validation and Analysis of Influencing Factors

(1) Case verification
The selected gas reservoir, named gas reservoir A, is a thick sandstone layer formed

by braided river channel deposition, with a relatively uniform sand body distribution.
The reservoir’s initial water saturation is approximately 35%. Two horizontal wells, HW1
and HW2, in gas reservoir A are the focus of this study. These wells are considered low-
permeability tight gas wells and are both complete with perforation. HW1 and HW2
have five and six vertical hydraulic fractures, respectively. The boundary pressures of the
two wells are 27.1 MPa and 20.1 MPa, respectively. The horizontal wellbore lengths are
510 m and 710 m, respectively. The original permeability of the formation is K = 0.09 mD,
the half-length of the hydraulic fractures is L = 100 m, the fracture width is w = 0.005 m,
and the radius of the horizontal wellbore is 0.1 m. The thickness of the gas reservoir at HW1
and HW2 is 43 m and 37 m, respectively. The formation temperature is 360K. The stress
sensitivity index for both wells is 0.01 MPa−1, and the slip factor is 0.5. In terms of fluid
physical properties, the relative density of the gas is 0.78, and the starting pressure gradients
of the gas phase and water phase are 0.0006 MPa/m and 0.003 MPa/m, respectively. The
viscosities of the gas phase and water phase are 0.04 mPa·s and 0.7 mPa·s, respectively.
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Based on the parameters detailed above, the derived equations and programming are
applied to calculate the pseudo-pressure, and then the daily gas production of the fractured
horizontal well can be obtained. By comparing the calculated daily gas production under
different bottom-hole pressure conditions with the actual production data, it is found
that (see Table 2) the average errors for the HW1 and HW2 wells are both less than 10%,
which indicates that the tight gas reservoir fractured horizontal well productivity model
established in this paper is applicable.

Table 2. Comparison between actual production and model-predicted production.

Well
Name

Wellbore Pressure
(MPa)

Model Prediction
(104 m3/d)

Measured Data
(104 m3/d)

Inaccuracies
(%)

Average Error
(%)

HW1

23.5 3.81 3.45 9.45

8.72
22.6 4.47 4.12 7.83
21.4 5.48 4.93 10.04
20.7 6.21 5.74 7.57

HW2

17 2.57 2.34 8.95

9.12
16 3.02 2.75 8.94
15 3.63 3.32 8.54
14 4.18 3.76 10.05

(2) Analysis of influencing factors
Analyzing the factors affecting the productivity of gas–water two-phase flow in low-

permeability fractured horizontal wells based on actual data is important for the devel-
opment of strategies and for gas field management. Here, the focus is on considering the
effects of two-phase flow micro– and nano-scale effects, the water–gas volume ratio, initial
water saturation, two-phase flow initiation pressure gradient (Gw and Gg), capillary force,
and different drainage capabilities.

In tight gas reservoirs, when considering micro– and nano-scale effects compared
to not considering them, the maximum unobstructed flow rate increases by about 2%
(see Figure 9). This increase is mainly due to the slip effect in micro– and nano-scale
effects, which increases the reservoir’s apparent permeability, leading to an increase in
production capacity. The slip effect influences the interaction between gas molecules
and pore walls at the micrometer–nanometer scale, reducing the resistance to fluid flow,
thereby effectively improving the flow performance and the efficiency of gas production.
Additionally, capillary effects and adsorption effects may make gas molecules more prone
to flow, reducing flow resistance and increasing gas production capacity. Therefore, in the
development of tight gas reservoirs, not considering micro– and nano-scale effects will
underestimate the production capacity of tight gas reservoirs.
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Figure 9. IPR curves of gas wells under the influence of micro– and nano-scale effects.

Figure 10 analyzes the significant impact of initial water saturation on the IPR curve
and productivity of gas wells in tight gas reservoirs. As the water saturation increases, the
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IPR curve of the gas well shifts to the left, and the production of the gas well decreases. This
is mainly because high water saturation reduces the gas saturation that can be produced
in the reservoir, while increasing the resistance of gas flow to the wellbore. High water
saturation can also lead to water locking, further reducing the production efficiency of the
gas well. When water locking occurs, the water in the reservoir hinders the flow of gas,
causing an increase in bottom-hole pressure and reducing the effective productivity of the
gas well.
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Figure 10. IPR curves of gas wells under different initial water saturations.

Figure 10 illustrates how varying levels of initial water saturation can impact the Inflow
Performance Relationship (IPR) curves. Higher initial water saturation leads to a leftward
shift of the IPR curve, indicating decreased productivity due to increased water-blocking
effects and reduced gas mobility.

Figure 11 shows the impact of the gas and water initiation pressure gradients on the
IPR curve in gas–water two-phase flow. As the initiation pressure gradients of the gas and
water increase, the IPR curve of the gas well shifts to the left, reducing productivity. In the
gas–water two-phase flow of tight gas reservoirs, due to the narrow pore throats, both gas
and water phases have initiation pressure gradients. These gradients affect the productivity
of the gas well. Lower initiation pressure gradients for both the gas phase and the water
phase mean that fluid flow can be achieved with a smaller pressure differential, which is
beneficial for improving the gas well’s production.
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Figure 11. IPR curves of gas wells under different initiation pressure gradients.

Figure 11 shows the influence of gas and water initiation pressure gradients on the IPR
curves in gas–water two-phase flow. Higher initiation pressure gradients for both phases
cause a leftward shift of the IPR curve, resulting in reduced productivity.

Figure 12 depicts how varying capillary pressures affect gas well productivity. In-
creased capillary force introduces greater resistance to fluid flow within the pores, reducing
gas mobility and causing a leftward shift in the IPR curve, thereby decreasing gas well
production capacity.
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Figure 12. IPR curves of gas wells under different capillary forces.

Figure 13 explores the impact of fracture conductivity on the gas well IPR curve. As the
conductivity increases, the IPR curve of the gas well shifts to the right. This shift indicates
that at the same reservoir pressure, the gas well can achieve higher production. The reason
for this is that higher conductivity reduces the resistance of fluid flow from the reservoir to
the wellbore, enhancing fluid mobility and thus improving the production efficiency and
output of the gas well.
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Figure 13. IPR curves of gas wells under different levels of fracture conductivity.

Figure 13 examines the effect of fracture conductivity on the IPR curves. Higher
fracture conductivity results in a rightward shift of the IPR curve, indicating enhanced
productivity due to improved fluid flow from the reservoir to the wellbore, thus increasing
the gas well’s production efficiency.

5. Conclusions and Recommendations

This study successfully develops a comprehensive productivity model that incor-
porates micro– and nano-scale effects for predicting the productivity of water-bearing
tight gas reservoirs. The results of this study have significant implications for the oil
and gas industry. By incorporating micro– and nano-scale effects, the model more accu-
rately captures the complex gas–water two-phase flow mechanisms in tight gas reservoirs,
thereby providing reliable theoretical support and production forecasts crucial for effective
reservoir development:

(1) Enhanced Understanding of Flow Mechanisms: By using pore-scale micro-percolation
and fractal theory, this study establishes detailed flow rate and relative permeability models for
gas–water two-phase flow in micron-scale pores of tight sandstone gas reservoirs. These mod-
els incorporate factors such as pore tortuosity, initiation pressure gradients, stress sensitivity,
and gas slippage, effectively describing the gas–water flow dynamics in micropores.

(2) Nano-Scale Flow Dynamics: This study also develops flow rate and relative per-
meability models for gas–water flow in nanopores, considering high-viscosity water films,
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gas slippage, stress sensitivity, and initiation pressure gradients. This enhances our under-
standing of gas–water interactions at the nanometer scale, which is critical for accurately
predicting flow behavior in tight sandstone gas reservoirs.

(3) Three-Region Composite Model: A sophisticated three-region composite gas–
water two-phase flow productivity model is presented, which includes unstimulated
areas, fracture network stimulated areas, and main fracture areas. This model integrates the
impacts of micro-scale and nano-scale phenomena, such as slippage effects, stress sensitivity,
and water saturation, providing a more realistic representation of the reservoir conditions.

(4) Field Validation and Practical Implications: The model’s predictions are validated
against actual production data, demonstrating its reliability. This analysis highlights
that neglecting micro– and nano-scale effects can lead to underestimation of reservoir
productivity. Incorporating these effects can increase the maximum open flow rate by
approximately 2%. Additionally, factors like initial water saturation, initiation pressure
gradients for two-phase flow, and capillary forces are found to negatively impact gas well
productivity, whereas higher fracture conductivity enhances productivity.

(5) Optimization of Hydraulic Fracturing: The developed model aids in optimizing
hydraulic fracturing designs, improving development efficiency, and reducing operational
costs. By understanding the various factors influencing productivity, engineers can better
manage and optimize gas wells, thereby enhancing production performance and extending
well life.

(6) Broader Industrial Application: This study provides essential technical support
for the efficient development and utilization of unconventional natural gas resources,
addressing the growing global energy demand and showcasing significant prospects for
industrial application.

Temperature variations significantly impact fluid properties such as viscosity and
density, thereby affecting flow behavior. Higher temperatures typically decrease fluid
viscosity, enhancing flow rates. Although we have assumed isothermal conditions for
simplicity in this paper, future work should incorporate a temperature-dependent viscosity
model to capture these effects more accurately. Gravity influences fluid distribution,
particularly in vertically extensive reservoirs, by affecting capillary pressure and phase
segregation. Although our model neglects gravity for simplicity, its inclusion is crucial for
accurately predicting fluid flow in such reservoirs. Future model enhancements should
consider gravity to address vertical flow dynamics. The diameter of the pipe or pore
throats directly influences flow rates according to the Hagen–Poiseuille equation, with
smaller diameters resulting in higher resistance and lower flow rates. Our model includes
pore diameter as a variable, but a more detailed analysis of pore size distribution could
enhance its prediction accuracy. Surface roughness [40] increases frictional resistance,
reducing flow rates, and influences gas slippage effects, particularly at the nanometer scale.
Our model currently assumes smooth pore walls, simplifying calculations but potentially
underestimating flow resistance. Including roughness in future models will provide a more
realistic representation of fluid flow in tight gas reservoirs.

These factors—temperature, gravity, pipe diameter, and roughness—play significant
roles in determining fluid flow behavior in porous media. While our current model
simplifies these effects to focus on other critical mechanisms, we recognize their importance
and suggest that future researchers incorporate these parameters in order to improve the
accuracy and applicability of predictive models for tight gas reservoirs.

6. Discussion

(1) The Scientific and Industrial Background
The obtained results significantly advance our understanding of gas–water two-phase

flow dynamics in tight gas reservoirs. By incorporating micro– and nano-scale effects,
including gas slippage, threshold pressure gradients, and stress sensitivity, our model
provides a more accurate representation of fluid behavior in unconventional reservoirs.
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This scientific advancement is crucial for developing more reliable predictions of reservoir
productivity, which has been a persistent challenge in the field of petroleum engineering.

From an industrial perspective, the accurate prediction of gas well productivity is es-
sential for optimizing strategies for the development of tight gas reservoirs. The integration
of micro– and nano-scale effects into productivity models enables more precise forecasting,
thereby reducing the economic risks associated with drilling and production operations.
This is particularly relevant in the context of hydraulic fracturing, where understanding
the interplay between fracture networks and fluid flow can lead to more efficient extraction
processes, reduced environmental impact, and improved recovery rates.

(2) Other Applications
While our study focuses on the petroleum industry, the methodologies developed

could potentially be adapted for use in other industries where fluid dynamics in porous
media are critical. For instance, the principles of relative permeability and micro– and nano-
scale effects might be applied to enhance the understanding of fluid transport in geothermal
reservoirs, in carbon sequestration projects, and even in groundwater hydrology. However,
these applications would require further specific research tailored to the unique conditions
of each field.

(3) Strengths and Weaknesses
The introduced model excels in integrating micro– and nano-scale effects, such as gas

slippage, threshold pressure gradients, and stress sensitivity, which are crucial for accu-
rately predicting fluid flow in tight gas reservoirs. By applying fractal theory to describe
complex pore structures and fracture networks, the model effectively simulates real-world
conditions, providing a realistic representation of reservoir heterogeneity. Furthermore,
the model’s validation against actual field data demonstrates its reliability and practi-
cal applicability, offering an enhanced understanding of multi-phase flow dynamics and
contributing to more accurate productivity predictions.

Despite its strengths, this model relies on several assumptions and simplifications,
such as homogeneous reservoir conditions and isothermal fluid flow, which may not fully
capture the complexity of all reservoir environments. Additionally, experimental validation
for nanopore behaviors is limited, and certain physical phenomena, such as chemical inter-
actions and long-term reservoir compaction effects, are not considered. These limitations
may affect the model’s accuracy and applicability in more diverse geological formations or
over extended periods, highlighting the need for further research and refinement.

7. Workflow Diagram

Step 1. Data Collection and Parameter Selection
1⃝ Collect Experimental Data: Gather data from laboratory experiments and field

measurements. 2⃝ Select Parameters Based on Theoretical Models: Use well-established
theoretical models to choose appropriate parameters.

Step 2. Model Formulation
1⃝ Develop Flow Rate Models: Create models to calculate the flow rate of fluids in the

capillary. 2⃝ Develop Relative Permeability Models: Formulate models to determine the
relative permeability of gas and water phases.

Step 3. Incorporation of Micro– and Nano-Scale Effects
1⃝ Integrate Slip Effects: Consider the slip flow phenomenon in micro- and nanopores.

2⃝ Include Initiation Pressure Gradients: Factor in the pressure required to initiate fluid
flow in tight gas reservoirs. 3⃝ Consider Stress Sensitivity: Account for the changes in pore
structure and permeability caused by stress.

Step 4. Validation
1⃝ Validate with Field Data: Compare model predictions with actual field data. 2⃝ Com-

pare with Experimental Results: Ensure that model results are consistent with laboratory
experiments.

Step 5. Analysis of Influencing Factors
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1⃝ Analyze Initial Water Saturation: Study the impact of the initial water content in the
reservoir on gas productivity. 2⃝ Evaluate Capillary Forces: Assess the effect of capillary
pressure on fluid flow in the reservoir. 3⃝ Assess Fracture Conductivity: Examine how the
ability of fractures to transmit fluids influences overall productivity.

Step 6. Application
1⃝ Predict the Productivity of Tight Gas Reservoirs: Use the model to forecast the

productivity of reservoirs. 2⃝ Optimize Hydraulic Fracturing Designs: Apply insights from
the model to enhance fracturing techniques and improve efficiency.
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Nomenclature

Symbol Description Unit Symbol Description Unit

AR Cross-sectional area of the capillary; m2 ∆Pw/L
Pressure gradient of

Pa/m
the water phase;

∆P
Pressure difference between the

Pa d Euclidean space factor; Dimensionless
two ends of the capillary;

L Length of the capillary; m gg
Gas-phase initiation

Pa/m
pressure gradient;

V Fluid flow rate in the capillary; m/s ∆Pg/L Pressure gradient in the gas phase; Pa/m

R
Radial distance from the center

m Kg
Effective permeability

mD
of the capillary to any point; of the gas phase;

R0 Radius of the capillary; m Kw
Effective permeability

mD
of the water phase;

µ Viscosity of the fluid; Pa·s A
Cross-sectional area of the

m3
characterization unit;

P Pressure; Pa pc Capillary force; MPa
qwmu Micropore water-phase velocity; m/s p0 Gas-phase pressure; MPa
w Subscripts refer to the water phase; - p0 Water-phase pressure; MPa

gw
Initiation pressure gradient

Pa/m k3g
Apparent permeability of the gas

Dimensionless
of the water phase; phase in the unstimulated area;

Rs

Pore diameter at a given
m k1rg

Integrated relative
Dimensionlesspressure when considering permeability of the gas phase

stress sensitivity; in the unsimulated area;

Po Overlying pressure; Pa k2rg
Relative permeability of the

Dimensionless
gas phase in the stimulated area;

Pa Air pressure; Pa k1rg
Relative permeability of the

Dimensionless
gas phase in the main fracture area;

ϕs Porosity coefficient; Dimensionless L(R) Actual length of the pore path; m

ks Permeability coefficient; Dimensionless R0
Pore radius corresponding

m
to the pressure Po;

Vw Velocity of the water phase; m/s χ1 Rarefied gas effect fitting constant; Dimensionless
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kb Boltzmann constant; J/K c Universal slip coefficient; Dimensionless

d Molecular diameter of methane; m χ0
Rarefied gas effect

Dimensionless
coefficient at Kn→∞;

T Experimental temperature; K Tc Critical temperature of methane; K
Pave Experimental pressure; MPa Pc Critical pressure of methane; MPa
A1 First-order slip coefficient; Dimensionless A1 Real gas effect fitting constant; Dimensionless
A2 Second-order slip coefficient; Dimensionless A2 Real gas effect fitting constant; Dimensionless

λw
Characteristic length of

m A3
Real gas effect

Dimensionless
a water molecule; fitting constant;

µgi
Gas viscosity under

Pa.s Φs
Porosity stress

Dimensionless
standard conditions; sensitivity coefficient;

µw1 Bulk water viscosity; Pa.s ks
Permeability stress

Dimensionless
sensitivity coefficient;

µw2
High-viscosity-region

Pa.s gw
Water-phase starting

MPa/m
water viscosity; pressure gradient;

R Universal gas constant; J/(mol.K) gg
Gas-phase starting

MPa/m
pressure gradient;

M Molar mass of methane. Kg/mol Pi Atmospheric pressure. MPa
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