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Abstract: Natural gas is considered a helpful transition fuel in order to reduce the greenhouse gas
emissions of other conventional power plants burning coal or liquid fossil fuels. Natural Gas Hydrates
(NGHs) constitute the largest reservoir of natural gas in the world. Methane contained within the
crystalline structure can be replaced by carbon dioxide to enhance gas recovery from hydrates. This
technical review presents a techno-economic analysis of the full pathway, which begins with the
capture of CO2 from power and process industries and ends with its transportation to a geological
sequestration site consisting of clathrate hydrates. Since extracted methane is still rich in CO2, on-site
separation is required. Focus is thus placed on membrane-based gas separation technologies widely
used for gas purification and CO2 removal from raw natural gas and exhaust gas. Nevertheless, the
other carbon capture processes (i.e., oxy-fuel combustion, pre-combustion and post-combustion) are
briefly discussed and their carbon capture costs are compared with membrane separation technology.
Since a large-scale Carbon Capture and Storage (CCS) facility requires CO2 transportation and storage
infrastructure, a technical, cost and safety assessment of CO2 transportation over long distances is
carried out. Finally, this paper provides an overview of the storage solutions developed around the
world, principally studying the geological NGH formation for CO2 sinks.

Keywords: carbon capture and storage (CCS); CO2 replacement; CO2 capture; CO2 transportation;
CO2 storage; natural gas; gas hydrate; sustainability; membrane technology; economic analysis

1. Introduction

The processing of raw materials, energy production, and human activity in general
has caused a rise in the temperature of about 1.0 ◦C above pre-industrial levels, leading to
climate change at a global level. The risks for natural and human systems are obviously
even higher for global warming of 1.5 ◦C, but still lower than in the case of a rise of 2.0 ◦C.
Limiting global warming to 1.5 ◦C reduces the impacts on ocean and terrestrial ecosystems,
health, food safety, water supply, and economic growth compared to 2.0 ◦C [1].

Global energy consumption in 2018 increased by 2.3% with respect to 2017 scenarios
due to economic improvement and a higher heating and cooling requirement in some
regions of the world. The increase in energy efficiency and the share of renewable energy,
and the transition from coal to gas power plants, have helped to avoid a lot of CO2
emissions. Nevertheless, the CO2 emissions rose by 1.7%, reaching a total of 33.1 Gigatons
(Gt). This means that energy consumption and CO2 emissions increase together, and they
are not yet decoupled. The largest CO2 emitter, accounting for 30% of carbon dioxide
emissions related to energy consumption, is coal-fired power generation. The growing
energy demand is not totally covered by new renewable plants and, consequently, fossil fuel
consumption is increasing (e.g., the consumption of natural gas rose by 4.6% in 2018) [2].

Natural gas, composed mostly of methane, is considered a helpful bridge fuel to
reduce the greenhouse gas emissions of fossil fuels. It has the lowest carbon intensity
(i.e., the emission rate of a given pollutant relative to a specific activity), emitting less
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CO2 per unit of energy generated than other fossil fuels. It burns cleanly and efficiently,
and generally requires limited processing to prepare it for end-users, with lower carbon
emissions in comparison to other fuels. However, the energy density of natural gas at
environmental condition (i.e., between 38.15 and 40.72 MJ/m3) is lower than that of liquid
petroleum fuels, which have an energy density range of 28,000 to 42,000 MJ/m3 [3]. As a
result, the transportation and storage of gas fuel require a compression or liquefaction step
to obtain the same quantity of energy over the same volume of liquid fuels.

The possible solutions leading to the reduction of CO2 emissions are: (i) switching to a
low carbon economy; (ii) increasing system efficiency; (iii) implementing CCS technologies
to allow a gradual transition from fossil fuels to other more sustainable ones. Renewable
power plants cannot provide enough base-load electricity generation, and they depend
on geographical location and, therefore, on the availability of resources. Thus, CCS is a
feasible solution to reduce the anthropogenic CO2 emissions in a transition phase [4].

Thermogenic natural gas is formed when buried organic material is subjected to
enormous heat and pressure over geological time. Natural gas reservoirs are categorised as
conventional or unconventional gas reserves. Conventional resources of natural gas are
accumulated in permeable rocks comprising of numerous pores which allow them to retain
natural gas. This gas is trapped underground by impermeable rock strata. Natural gas can
be extracted economically without specialised technologies, using vertical well bores [5].
Otherwise, unconventional resources are formed in more complex geological formations
(e.g., shale gas and tight gas), trapped in rocks with lower porosity and permeability
than conventional reservoirs. These rocks prevent the easy flow of the gas through the
pores to the standard type of well. The extraction of gas from these reservoirs requires
expensive specialised techniques, such as hydraulic fracturing [5]. NGHs are deposited
both in continental sedimentary rocks, in the polar area, and marine sediments, and they
form at low temperatures (≤26.85 ◦C) and moderate/high pressure (≥6 bar) [6]. Clathrate
hydrates are solid crystalline compounds in which, typically, methane, ethane, propane
and carbon dioxide are trapped inside cages of water molecules.

This work is part of a larger research project aims to develop an innovative techno-
logical solution to enhance the extraction of subsea methane from marine NGHs. CO2 is
injected in subsea NGH formations to enhance methane recovery and is eventually trapped
as stable gas hydrates in a substitution process. As a result, the fuel obtained is virtually
neutral in terms of GHG emissions.

The replacement of CH4 with CO2 is thermodynamically favoured, and it represents a
unique opportunity to recover an energy resource and to store this common greenhouse
gas. Therefore, geological NGH formation can be used as an energy resource, capable of
providing methane, whilst CO2 storage could contribute to reducing GHG emissions.

In this paper we review the current state-of-the-art of CO2 capture, transport and
storage, focusing on hydrate storage at techno-economic level. We first discuss carbon
capture processes applied to the industrial and power sector (Section 2), and highlight the
CO2 capture costs and performance of different power plants (Section 3). Then in Section 4
we contextualise CO2 transportation via pipeline, neglecting other means of transport
because they are less used. The sequestration of CO2 is more widespread than its reuse,
therefore, conventional CO2 storage (e.g., brine aquifer and depleted oil and gas) and, in
particular, clathrate hydrate formation are presented in Section 5. Section 6 concludes with
the cost of the complete CCS process at different distances between the CO2 source and
sink, identifying one of the possible final CCS chains.

2. CO2 Capture Systems

Many abatement technologies affect the use of fossil fuels or their emissions in the
atmosphere (e.g., carbon capture, utilisation, and storage, use of nuclear power, replacement
of coal by natural gas). CCS can be applied in power plants and industrial facilities and
involves CO2 separation, compression, and transportation (via pipeline or shipping) and
its storage in a geological site (e.g., saline aquifer, oil and/or gas reservoir).
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Therefore, the first step of CCS technology is sequestering CO2, and the main carbon
capture processes, summarized in Figure 1, are the following:

• Oxyfuel combustion: fuel is burnt with pure oxygen instead of air, and if it is free of
contaminants, the resulting flue gas contains only carbon dioxide and water, easily
separated by a water condenser.

• Pre-combustion: fuel is processed in a gasifier reactor to produce a syngas rich in
hydrogen and carbon monoxide. Subsequently, this syngas flows into a water gas
shift reactor to produce H2 and CO2. The final process provides CO2 separation and
pure hydrogen production usually via physical absorption.

• Post-combustion: the flue gas produced by conventional fuel combustion flows into
a CO2 separation unit. The procedures used to sequestrate the CO2 are typically
absorption by the aid of a chemical solvent, adsorption, and membrane separation.
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2.1. Decarbonization of Industrial Sector

Industry covers around 25% of the economic sector in terms of global Gross Domestic
Product (GDP) [7] and produced 7.8 Gt of CO2 in 2017 [8]. The Intergovernmental Panel
on Climate Change (IPCC) states that direct and indirect (i.e., derived from energy use)
emissions have to drop by 75–90% by 2050 [1]. CCS can be essential for industry decar-
bonisation, helping it to move toward sustainable mills. Nowadays, CCS technologies are
mainly applied in the cement, steel and iron industries, and petrochemical and oil refining.

The cement industry contributes with 8% of global CO2 emissions [9]. The emissions
of CO2 are mainly due to fuel combustion and the calcination of limestone (i.e., the main
raw material for cement production). A new pilot plant called Low Emissions Intensity
Lime and Cement (LEILAC) has been developed to capture over 95% of the CO2 emissions.
The key innovation of this plant is the high temperature direct separation calciner that can
separate the CO2 produced by the calcination reaction of the limestone [10].

The World Steel Association provides the mean value of carbon intensity, estimated
to be 1.85 tonnes of CO2 per tonnes of crude steel cast in 2018 [11], and, for the same year,
states that the crude steel produced amounted to 1808 million tonnes [12]. Therefore, the
iron and steel industry is one of the biggest emitters in industrial sectors, producing 3.3 Gt
of CO2 in 2018. Most iron and steel mills are made up of a Blast Furnace (BF) coupled with
a Basic Oxygen Furnace (BOF), and they are supplied with iron ore as the raw material
and coke as the reducing agent. To produce one ton of liquid steel (tLS), 1.81 tCO2 are
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emitted into the atmosphere [13]. Conversely, new iron and steel mills, such as the one
in Abu Dhabi, are being built with a new configuration. The main components of these
plants are a Direct Reduction Iron (DRI) reactor coupled with an Electric Arc Furnace (EAF).
Methane replaces coal and flows into a Steam Reformer (SR). The reducing gases produced
and a mix of scrap and iron ore are conveyed into the DRI reactor. Hydrogen and carbon
monoxide reduce the iron and CO2 can be easily separated. At the end of this process, only
0.54 tCO2/tLS are produced, saving 70% of CO2 emissions [13].

Several large-scale CCS facilities applied to oil refining, fuel processing and fertiliser
production are in operation. Most of them are in the USA (e.g., Illinois industrial CCS
for Ethanol production, Century plant natural gas facility in Texas, Coffeyville gasifi-
cation plant producing fertiliser) and CO2 is transported from them for Enhanced Oil
Recovery (EOR).

2.2. Decarbonization of the Power Sector

Electric power plants emit the largest of CO2 into atmosphere. In the world several
countries are primarily dependent upon coal-fired power plants. The first Super-Critical
Pulverised Coal (SCPC) fired power plant (i.e., Philo unit 6) was built in 1957 and has been
operated until the 1979 [14], while the first Ultra Super-Critical (USC) power plant was
built in 1993 in Japan [15]. SCPC and USC power plants work at higher temperatures and
pressure than a subcritical power plant. As a result, they achieve a higher thermodynamic
efficiency. Coal is milled and burned with air (or near pure oxygen in case of oxy-fuel
combustion carbon capture process) in the boiler. The heat produced by combustion is
transferred to a secondary working fluid, typically water that circulates into a Rankine
cycle. The steam operation conditions are above critical point (i.e., pressure 22.115 MPa
and temperature 374.15 ◦C) and, at this state, there is no distinction between gas and
liquid phase. In SCPC, steam is produced at pressure between 22.115 and 25 MPa and
a temperature between 540–580 ◦C. In contrast, in USC power plant, water operates at
pressure and temperature higher than 25 MPa and 580 ◦C, respectively [16]. The steam
produced goes into turbines, which turns a shaft that is connected to a generator to generate
electricity. The spent steam is condensed, and it flows again into the boiler.

There are only two large-scale facilities currently in operation based on post-combustion
process Boundary Dam and Petra Nova coal-fired power plants are provided by a new
separation unit (i.e., amine-based gas separation) used to purified the flue gas from SO2
and NOx, and separate the CO2 from gas mixture [17,18]. Another large-scale CCS facility
is in construction (i.e., the ZERO project) and it captures CO2 with an oxy-fuel process. At
the end, several pilot demonstration CCS facilities operate since 2010.

In the next sections, a techno-economic review is provided, showing the carbon
capture cost of the different CCS processes applied to power plants.

3. Techno-Economic Considerations on CO2 Capture

The minimum thermodynamic energy demand to separate one mole of CO2 from a
gas mixture is function of the CO2 capture fraction (capture rate/100), and it is calculated
through Equation (1). The equation below, provided by Amel’kin et al., considers the more
realistic incomplete separation of CO2, producing a pure stream of carbon dioxide and lean
CO2 flue gas [19].

W = −RT
{

ln
[
(1− f )x
1− f x

]
+

ln(1− f x)
f x

− ln(1− f )
f

}
(1)

where R is the specific gas constant (8.314 J/(mol K)), T is the temperature (K), x is the CO2
mole fraction, and f is the CO2 capture rate. Figure 2 shows the specific energy requirement
for CO2 separation as a function of the capture rate. Figure illustrates several CO2 inlet
concentrations that represent capture from air (410 ppm), natural gas combined cycle (4%),
coal-fired power station (12%), and EAF steel plant (20%).
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{

ln
[
(1− f )x
1− f x

]
+

ln(1− f x)
f x − ln(1− f )

f

}
[19].

The minimum energy requirement increases at high CO2 capture rate and at low inlet
concentration. Nevertheless, the energy demand in a real process is always higher.

The cost of CCS is the major challenge of this technology. The price of CCS is divided
into three categories (capture, compression and transportation, and storage) as reported in
the next section. The CCS cost is hard to estimate, mainly due to a lack of empirical data,
different operating conditions and capture processes, and different CCS plants.

The cost of CCS [20] is often expressed as an energy (power generation sector) or
efficiency (both power and industrial sectors) penalty. The energy penalty and efficiency
penalty are represented below:

Energy penalty = 100·Power output without CCS− Power output with CCS
Power output without CCS

(2)

Efficiency penalty = Efficiency without CCS− Efficiency with CCS [%] (3)

For the power sector, another important parameter is the Levelized Cost of Electricity
(LCOE) based on [$/MWh]. The electricity cost is evaluated as follows:

LCOE =
TCC·FCF + FOM

CF·8766·MW
+ VOM + HR·FC

[
$

MWh

]
(4)

where: TCC is the Total Capital Cost [$]; FCF is the Fixed Charge Factor [fraction/year];
FOM is the Fixed Operating and Maintenance cost [$/year]; CF is the plant Capacity
Factor; MW is the net plant capacity [MW]; VOM is the Variable non-fuel Operating and
Maintenance cost [$/MWh]; HR is the net power plant Heat Rate [MJ/MWh]; FC is the
unit Fuel Cost [$/MJ].

The various capture technologies are also compared by considering the cost of carbon,
which may refer to both the CO2 captured and CO2 avoided costs in [$/t CO2] shown in
the equations below:

Cost of captured CO2 =
LCOECC − LCOEref

(tCO2/MWh)captured

[
$

tCO2

]
(5)

Cost of avoided CO2 =
LCOECCS − LCOEref

Qe,b·
(

1− ηb
ηCC
·(1− C)

) [ $
tCO2

]
(6)
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where Qe,b is the baseline emission [tCO2/MWh], ηb—the baseline efficiency, ηCC—the
efficiency with carbon capture, and C—the capture fraction. In future, the cost of CO2
capture is likely to go down, but the estimation of future costs is rather uncertain.

Rubin et al. [21] reported the capture cost in constant 2013 US$, whereas Merkel et al. [22]
reported the capture cost with membrane separation in constant 2011 US$. In this review,
we report the overall cost of CSS in 2013 US$, and therefore the costs reported in different
years have to be adjusted. We have used the Power Capital Cost Index (PCCI) to escalate the
capital and non-fuel operating and maintenance costs of power plants, the fuel cost index
to escalate the cost of coal and natural gas, and the Chemical Engineering Plant Cost Index
(CEPCI) to escalate both the transportation and storage costs shown in Sections 4 and 5.
In addition, the analysis reported in this work was performed using the First-Of-A-Kind
(FOAK) CCS cost estimation, and therefore we have avoided all analyses which forecast a
CCS cost reduction.

3.1. Oxy-Fuel Combustion CO2 Capture

Oxyfuel combustion is one of the most mature technologies for capturing CO2 from
power plants. Near-pure oxygen is used as an oxidant to burn fuel. A fraction of flue
gas composed almost entirely of CO2, H2, and oxygen in excess, is recirculated into the
boiler to control the temperature in the combustion zone. Indeed, fuel combustion with
pure O2 produces a high adiabatic flame temperature. The separation of CO2 occurs
through dehydration of the flue gas at low temperatures. The flue gas may be purified of
contaminants (e.g., SOx, NOx, HCl coming from the fuel and N2, Ar, O2 coming from the
oxygen flow).

While the concentration of CO2 of conventional coal-fired power plants is approxi-
mately 12%v, for a traditional gas turbine the content of carbon molecule is lower (about
4%v) due to the high excess of air used to control the combustion temperature. There-
fore, post-combustion capture (via chemical adsorption) is disadvantaged, and oxyfuel
combustion can be a good strategy [23].

Generally, these plants are classified in:

• Secondary cycle: flue gas, coming from the combustion chamber, heats an external
working fluid through heat exchangers (e.g., Rankine cycles).

• Direct cycle: flue gas is also the working fluid and generates power in a turbo-gas
(e.g., Brayton cycles).

The main components of oxyfuel combustion power generation are [23]: (i) Air
Separation Unit (ASU) to produce near pure oxygen; (ii) Boiler or gas turbine to burn fuel
and to generate power heat; (iii) Flue gas processing unit to clean flue gas and control its
quality; (iv) CO2 Processing Unit (CPU) for the final purification of carbon dioxide.

The main requirement for any oxyfuel combustion process is oxygen production.
Conventional cryogenic multi-column distillation is currently the most efficient and cost-
effective technology for producing oxygen on a large scale. The standard method consists
of a double column distillation cycle with a high/low-pressure column. The gaseous air
coming into a high-pressure column is separated into an overhead nitrogen vapor and
oxygen-enriched bottom liquid. At the current plant size, the production of O2, at 95% of
purity and low pressure, consumes 200–250 kWhel/tO2 [23].

Oxyfuel combustion is applied both in coal-fired power plants and gas turbine-based
power plants. In Figure 3a, the heat generated by coal combustion with near pure oxygen
is supplied to a secondary cycle in the boiler. By contrast, in the gas turbine cycle shown
in Figure 3b, the flue gas at high pressure and temperature produces electricity through a
gas turbine (direct cycle) and provides power heat to a secondary cycle in a Heat Recovery
Steam Generator (HRSG).

It is worth mentioning an emerging power plant based on the Allam cycle. The Allam
cycle combines the oxy-combustion CO2 capture process with the supercritical CO2 used as
working fluid at very high pressure ('300 bar) and temperatures ('1150 ◦C at the turbine
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inlet). An Allam cycle power plant fueled by natural gas achieves 59% LHV efficiency and
captures 100% of CO2.

Before CO2 storage or recirculation, the flue gas produced in a coal-fired power plant
passes through several cleaner units to remove contaminants contained in the fuel. The
contaminants are usually more numerous in coal than in gas fuel, and therefore more steps
are needed to obtain useful CO2.
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Figure 3. (a) Oxyfuel combustion in the Circulating Fluidised Bed (CFB) reactor with CO2 recircu-
lation coupled with Rankine cycle (secondary cycle); (b) gas turbine cycle with CO2 recirculation
(direct cycle). In both plants, the storage receives near pure excess of CO2 [24].

The flue gas cleaning island is usually composed of an Electro-Static Precipitator (ESP)
and a Flue Gas Desulphurisation (FGD) unit. The ESP unit removes the Particulate Matter
(PM) in a coal-fired power plant with an efficiency of up to 99.5%. These devices operate at
130–150 ◦C, but with decreasing emission limits of PM, new low-low temperature ESPs are
implemented, operating at 80–90 ◦C. At this range of temperatures, the electric resistivity of
coal dust is lower and the precipitation efficiency can increase (until 99.9%) [25]. In the FGD
unit, the flue gas interacts with an absorbing medium producing highly solid slurry. FGDs
can be classified as non-regenerable and regenerable processes, depending on the absorbent
compound used. Several sorbents are used during this process (e.g., limestone, magnesium
lime, seawater and ammonia) and they have different desulphurisation efficiencies [26].
In a gas turbine cycle, the fuel requires a desulphurisation process before the combustion.
The purified flue gas flows into a condenser to reduce its water content. Indeed, a dry CO2
stream is necessary to avoid acid formation. Finally, the temperature and pressure of CO2
is conditioned depending on the means of transport used (e.g., supercritical condition in
the case of pipeline transportation).
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Oxy-fuel combustion capture mainly integrates SCPC and USC power plants with
low-rank coal (sub-bituminous and lignite). Table 1 shows the range of performance and
cost results for new plants. A conventional cryogenic air separator is used for oxygen
production, able to produce high quality CO2 (>99%).

Table 1. Current performance and cost estimates for oxyfuel combustion capture at new (SCPC/USC)
plants (values in 2013 US$) [21]. Definition: Higher Heating Value (HHV).

Performance and Cost Measurement for New Oxy-Combustion Plants with Subbituminous
or Bituminous Coal

Range

Plant Performance Measurement Low High Representative Value

SCPC/USC reference plant net power output [MW] 550 1030 684
Emission rate w/o capture [t CO2/MWh] 0.75 0.861 0.83
Emission rate with capture [t CO2/MWh] 0.017 0.11 0.08
Percentage of CO2 reduction per MWh [%] 90 98 92

Total CO2 captured or stored [Mt/y] 3.1 5.5 3.9
Plant efficiency w/o capture, HHV basis [%] 38.7 42 39
Plant efficiency w/capture, HHV basis [%] 30.1 34.1 32

Efficiency penalty [%] 8.1 7.9 8
Capture energy requirement [%more input/MWh] 24 29 25

LCOE w/o capture [$/MWh] 56 68 64
LCOE w/capture [$/MWh] 91 121 110

Increase in LCOE capture only [$/MWh] 35 53 46
Cost of CO2 captured [$/t CO2] 36 67 52
Cost of CO2 avoided [$/t CO2] 45 73 62

3.2. Pre-Combustion CO2 Capture

The pre-combustion capture process covers decarbonisation by gasification or steam
methane reforming of primary fuel (coal/biomass and methane, respectively), and CO2
separation. As a result, the plant produces almost pure hydrogen.

The heated primary fuel flows into a gasifier reactor with air (or O2) and water (or
steam), usually pressurised. After the gasification process, the syngas is mainly composed
of carbon monoxide, carbon dioxide, hydrogen and methane. At different thermodynamic
conditions (pressures and temperatures), the gas composition changes. At high tempera-
tures, the content of methane drops while the percentage of CO increases. Increasing the
gasification pressure, the mole fractions of methane and carbon monoxide go up.

The gasification process does not sequester carbon molecules, but it converts carbona-
ceous solids into a gas product with useful chemical heating value, easily treatable for
contaminant removal.

Several configurations can be proposed (e.g., gasifier + Water Gas Shift reactor (WGS)
+ Solid Oxide Fuel Cell (SOFC)), but the most common technology is the Integrated Gasifi-
cation Combined Cycle (IGCC). In the plant shown in Figure 4, the hydrogen produced is
burnt in a gas turbine to generate electricity, and the exhaust heat from the flue gas lean of
CO2 is recovered to generate steam that drives a steam turbine.

The CO2 concentration of pre-combustion capture is higher than post-combustion
processes, and therefore the energy required for the only CO2 separation is lower. For IGCC,
the CO2 concentration can be in the range of 35–40%mol after WGS and water removal
(15–25%mol if the resource is natural gas [27]) [28]. Table 2 summarized the result of new
IGCC power plants with and without a pre-combustion capture system. The physical
solvents (e.g., Pressure Swing Absorption (PSA) and Vacuum Pressure Swing Absorption
(VPSA)) are the technology mainly used for carbon capture in IGCC plants.
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Table 2. Summary of the results of new IGCC power plants with and without a pre-combustion
capture system [21].

Performance and Cost Measurement for New IGCC Plant with Bituminous or
Sub-Bituminous Coal (SCPC)

Range

Plant Performance Measurement Low High Representative Value

SCPC/USC reference plant net power output [MW] 550 1030 753
Emission rate w/o capture [t CO2/MWh] 0.75 0.84 0.786
Emission rate with capture [t CO2/MWh] 0.093 0.15 0.104
Percentage of CO2 reduction per MWh [%] 82 88 87

Total CO2 captured or stored [Mt/y] 3 6 4
Plant efficiency w/o capture, HHV basis [%] 39 44.2 42
Plant efficiency w/capture, HHV basis [%] 29.9 36.5 33

Efficiency penalty [%] 9.1 7.7 9
Capture energy requirement [%more input/MWh] 21 30 25

LCOE w/o capture [$/MWh] 64 79 69
LCOE w/capture [$/MWh] 100 141 124

Increase in LCOE capture only [$/MWh] 36 62 55
Cost of CO2 captured [$/t CO2] 42 87 63
Cost of CO2 avoided [$/t CO2] 52 112 81

3.3. Post-Combustion CO2 Capture

Post-combustion technologies allow the separation of CO2 from exhaust gases. The
CO2 produced by the combustion of fossil fuels or numerous industrial processes, is
purified, concentrated and dispatched to a storage unit. Conceptually, post-combustion
capture is the most straightforward technology, and it can be applied in existing plants
without substantial changes, only adding the capture process before the flue gases are
released into the atmosphere, as illustrated in Figure 5.
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The mainly post-combustion capture process can be divided into chemical and physi-
cal absorption.

The chemical absorption processes are the most used technology for post-combustion
capture. They are typically a blend of aqueous amines but can also include amino acid
salts, ammonia and ionic liquids, while in the case of solid sorbents they can consist of
calcium looping and others.

Liquid absorption processes can treat gas streams with high or low pressure, but the
capture rate is affected by thermodynamic conditions. Generally, two stages are sufficient:

1. CO2 absorption from exhaust gas in an aqueous solution of the solvent in an absorber
reactor (low temperatures and high pressures).

2. Solvents regeneration to produce a pure CO2 stream in a stripper (high temperatures
and low pressure).

An optimum solvent has a low regeneration energy demand, high capacity to absorb
CO2, chemical stability, low volatility and limited solvent make-up. The state-of-the-art in
solvents is represented by monoethanolamine (MEA), which has acceptably low heat re-
quirements for regeneration, little degradation, and small amine losses. Figure 6 illustrates
the block diagram scheme for the absorption/stripper system for CO2 capture.
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The flue gas rich in CO2 reacts with the MEA in the absorber column producing flue
gas lean of CO2 and carbon-rich amine solution at the bottom of the absorber. The rich
solvent is pre-heated in the heat exchanger by the lean solvent regenerated in the stripper.



Energies 2021, 14, 387 11 of 32

The rich solvent comes into the stripper, where it reaches 120–140 ◦C at low pressure in
order to regenerate the solution and produce a pure CO2 stream. The lean solvent supplies
its heat to the rich solvent, and it is mixed with make-up MEA and water before entering
the absorber column. The primary energy consumption (penalty efficiency) is attributed to
the regeneration of the solvent in the stripper column [29].

Table 3 summarizes the results of new SCPC power plants, with and without a
post-combustion capture system. The majority of data available for post-combustion
capture plants are based on MEA solvents. Several technologies have been developed
for post-combustion processes (e.g., Calcium Looping [30,31] and membrane separation
[Section 3.4]). Although they offer a future reduction of capture costs, they have not yet
been developed for large capture plants.

Table 3. Current performance and cost estimates for post-combustion capture at SCPC power plant
(values in 2013$) [21].

Performance and Cost Measurement for New SCPC with Bituminous Coal

Range

Plant Performance Measurement Low High Representative Value

SCPC/USC reference plant net power output [MW] 550 1030 742
Emission rate w/o capture [t CO2/MWh] 0.746 0.84 0.788
Emission rate with capture [t CO2/MWh] 0.092 0.12 0.104
Percentage of CO2 reduction per MWh [%] 86 88 87

Total CO2 captured or stored [Mt/y] 3.8 5.6 4.6
Plant efficiency w/o capture, HHV basis [%] 39 44.4 41.4
Plant efficiency w/capture, HHV basis [%] 27.2 36.5 31.6

Efficiency penalty [%] 11.8 7.9 9.8
Capture energy requirement [%more input/MWh] 21 44 32

LCOE w/o capture [$/MWh] 61 79 70
LCOE w/capture [$/MWh] 91 130 113

Increase in LCOE capture only [$/MWh] 30 51 43
Cost of CO2 captured [$/t CO2] 36 53 46
Cost of CO2 avoided [$/t CO2] 45 70 63

The plant with carbon capture requires about 32% of extra energy to reduce the emis-
sions of CO2 by 87% compared to that without the carbon capture process. MEA technology
has a higher Technology Readiness Level (i.e., TRL 9) than other post-combustion capture
processes (e.g., chemical looping combustion TRL 6 and membrane polymeric TRL 6) [32].

3.4. Post-Combustion CO2 Capture with Membrane Technology

Recently, an increased interest in gas separation for hydrogen production, air separa-
tion, biogas upgrading, and CO2 sequestration from flue gas has been observed. Membrane-
based gas separation technology can be used for the above aims. Membranes are produced
as a thick film able to separate a mix of gases when there are driven forces (pressure and
molar gradients).

The permeate is the gas separated from the mixture able to pass through the membrane
to the low-pressure environment while the retentate is the remaining part of the original
mix. Figure 7 shows the basic arrangement of this type of separation process.

Concerning the CO2 separation process, membrane technology is used to upgrade
biogas, increasing methane content in Natural Gas (NG) or Synthetic Natural Gas (SNG),
reaching the purity established by the gas network, or as post-combustion capture to
sequestrate the CO2 from fuel combustion.

The membrane process shows several advantages compared to the other CO2 sepa-
ration technologies: (i) no regeneration process; (ii) design without moving components;
(iii) lower maintenance; (iv) high reliability [33]. On the contrary, the main drawbacks are
higher energy requirements and as yet no process at a massive scale.



Energies 2021, 14, 387 12 of 32
Energies 2021, 14, x FOR PEER REVIEW 12 of 33 
 

 

 
Figure 7. Gas mixture separation with membrane films. Only part of the gas mixture permeates 
through the membrane, passing from the high pressure to the low-pressure side. 

Concerning the CO2 separation process, membrane technology is used to upgrade 
biogas, increasing methane content in Natural Gas (NG) or Synthetic Natural Gas (SNG), 
reaching the purity established by the gas network, or as post-combustion capture to se-
questrate the CO2 from fuel combustion. 

The membrane process shows several advantages compared to the other CO2 sepa-
ration technologies: (i) no regeneration process; (ii) design without moving components; 
(iii) lower maintenance; (iv) high reliability [33]. On the contrary, the main drawbacks are 
higher energy requirements and as yet no process at a massive scale. 

Low production costs, high gradient pressure, excellent work at the no-stress envi-
ronment, and the possibility to scale-up are the main benefits of polymeric membranes, 
which are used mainly for gas separation despite their limited robustness, aging and 
swelling problems. The gas moves through the pores of the polymeric membranes. The 
primary mechanism of the gas separation process is dissolution on the feed side and dif-
fusion across the membrane. 

Polymeric membranes account for the main share of the global gas separation mem-
branes market (77.46% in 2015) [34]. Nevertheless, inorganic membranes will certainly 
play an essential role in gas separation processes due to their significantly longer lifetime 
and lower environmental impacts. Inorganic membranes can be made of ceramic, metal, 
and carbon material and, in some cases, by a mixture of these materials. The different 
separating or transport mechanism depends on whether the microstructure of the mem-
brane is dense or porous. The primary membranes for gas separation are dense ceramic 
membranes, dense metallic membranes, and microporous membranes. 

Mixed Matrix Membranes (MMMs) consist of a continuous polymeric matrix in 
which nanoparticles of inorganic materials are immersed. They are considered new gen-
eration membranes for gas separation, combining the characteristics of polymer and min-
eral fillers. The incorporated inorganic material, such as zeolites, silica particles and Metal-
Organic Framework (MOF), is added to improve the properties of the polymers [35]. 

The performance indicators depend on the dominant mechanism of gas permeation 
through the membrane. Nevertheless, permeability and selectivity are common for eval-
uating membrane separation, and they are the main performance indicators.  

Permeance is the most common parameter used in the membrane industry, and it is 
defined as the rate at which gas moves through the membrane under a standard pressure 
driving force. It is frequently measured as a Gas Permeation Unit =10 cm cm scmHg⁄ . Instead, the permeability is the permeance multiplied by mem-
brane thickness, and it shows the intrinsic property of the gas to pass through the mem-
brane and corresponds to the productivity of the membrane separation stage. It is also 
measured in = 10 cm cm cm scmHg⁄ . 

The ability of a membrane to separate a target gaseous component from a mixture of 
two gases (i and j) is called selectivity or separation factor. It is an essential feature for 
separation applications, and it represents the efficiency of the membrane separation stage. 

Figure 7. Gas mixture separation with membrane films. Only part of the gas mixture permeates
through the membrane, passing from the high pressure to the low-pressure side.

Low production costs, high gradient pressure, excellent work at the no-stress environ-
ment, and the possibility to scale-up are the main benefits of polymeric membranes, which
are used mainly for gas separation despite their limited robustness, aging and swelling
problems. The gas moves through the pores of the polymeric membranes. The primary
mechanism of the gas separation process is dissolution on the feed side and diffusion across
the membrane.

Polymeric membranes account for the main share of the global gas separation mem-
branes market (77.46% in 2015) [34]. Nevertheless, inorganic membranes will certainly play
an essential role in gas separation processes due to their significantly longer lifetime and
lower environmental impacts. Inorganic membranes can be made of ceramic, metal, and
carbon material and, in some cases, by a mixture of these materials. The different separating
or transport mechanism depends on whether the microstructure of the membrane is dense
or porous. The primary membranes for gas separation are dense ceramic membranes, dense
metallic membranes, and microporous membranes.

Mixed Matrix Membranes (MMMs) consist of a continuous polymeric matrix in which
nanoparticles of inorganic materials are immersed. They are considered new generation
membranes for gas separation, combining the characteristics of polymer and mineral fillers.
The incorporated inorganic material, such as zeolites, silica particles and Metal-Organic
Framework (MOF), is added to improve the properties of the polymers [35].

The performance indicators depend on the dominant mechanism of gas permeation
through the membrane. Nevertheless, permeability and selectivity are common for evalu-
ating membrane separation, and they are the main performance indicators.

Permeance is the most common parameter used in the membrane industry, and
it is defined as the rate at which gas moves through the membrane under a stan-
dard pressure driving force. It is frequently measured as a Gas Permeation Unit
GPU = 10−6 cm3

STP/
(
cm2scmHg

)
. Instead, the permeability is the permeance multi-

plied by membrane thickness, and it shows the intrinsic property of the gas to pass through
the membrane and corresponds to the productivity of the membrane separation stage. It is
also measured in barrer = 10−10 (cm3

STPcm
)
/
(
cm2scmHg

)
.

The ability of a membrane to separate a target gaseous component from a mixture
of two gases (i and j) is called selectivity or separation factor. It is an essential feature
for separation applications, and it represents the efficiency of the membrane separation
stage. Selectivity is measured by considering the molar fraction of single component on
the permeate (y) side over that on the feed (x) side:

αi,j =
yi/yj

xi/xj
(7)

The PolarisTM membranes developed by the Membrane and Technology Research
Institute (MTR) [22] overcome the main challenge of post-combustion capture. Indeed, the
low partial pressure of flue gas leads to a huge membrane area. PolarisTM membranes have
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ten times the permeance of conventional gas separation membranes and, together with a
new sweep module for the selective recycling of CO2, drive efficient overall CO2 recovery
up to 90%. The main goal of MTR was to increase membrane permeance to decrease
the required membrane area and reduce the capital cost of the membrane CO2 capture
system. The first membrane developed had CO2 permeance of 1000 GPU and CO2/N2
selectivity of 50. Over time, the membrane performance has improved to 1700 GPU for
second-generation (commercial scale) and almost 3000 GPU for the third one (only in
lab-scale).

A new design for a small pilot membrane system was installed at the National Carbon
Capture Center in July 2014. Several test campaigns have confirmed its efficient capacity
to capture CO2 achieving 90% CO2 capture, while the very simplicity and tiny size of
this technology gives it an advantage with respect to the other capture systems. The new
configuration illustrated in Figure 8 was sized to treat 20 t CO2/day included in flue gas at
11% of CO2 and 50 ◦C, improving the TRL from 3 (lab scale) to 6 (pilot plant).
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process at a coal-fired power plant using PolarisTM membrane in separation modules [22].

The membrane separation process designed by MTR/DOE and illustrated above
is equipped with a multi-stage membrane treatment. The flue gas produced in a boiler
flows into a cleaning unit in order to remove contaminants, and then it is pressurized. The
pressurized flue gas flows into the first step CO2 capture module. The driven force used to
separate the CO2 is mainly the gradient pressure obtained by means of a compressor on
the feed side and a vacuum pump on the permeate side. In this first module, only part of
the CO2 is separated from the flue gas. The remaining carbon dioxide in the depleted flue
gas is sequestrated via the second sweep module. This component uses air combustion as
a sweep stream to generate a driving force and therefore compressors and vacuum pumps
are not used. The CO2 permeates the membrane to produce a diluted air combustion. As a
result, the flue gas produced in the boiler has a higher CO2 concentration (i.e., ≈20%). With
the configuration described above, the separation efficiency of the first module increases
(about 90% of CO2 is captured) producing a rich mixture gas composed mainly of 71% of
CO2, 9% of H2O and 18% of N2, which is sent to the CO2 purification unit.

The techno-economic analysis was performed integrating a supercritical coal power
plant delivering 550 MWe with the new membrane technology of MTR, and it is summa-
rized in the following Table 4.
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Table 4. Techno-economic analysis for CO2 separation with membrane technology performed by
MTR for post-combustion capture in SCPC coal-fired power plant [22].

Performance and Cost Measurement for New SCPC with Bituminous Coal Integrated with
the Membrane Capture System

Plant Performance Measurement Representative Value

SCPC/USC reference plant net power output [MW] 550
Emission rate w/o capture [t CO2/MWh] 0.788
Emission rate with capture [t CO2/MWh] 0.111
Percentage of CO2 reduction per MWh [%] 89.9

Total CO2 captured or stored [Mt/y] 4.8
Plant efficiency w/o capture, HHV basis [%] 39.3
Plant efficiency w/capture, HHV basis [%] 28.6

Efficiency penalty [%] 10.7
LCOE w/o capture [$/MWh] 76.9
LCOE w/capture [$/MWh] 120.4

Increase in LCOE capture only [$/MWh] 43.5
Cost of CO2 captured [$/t CO2] 44
Cost of CO2 avoided [$/t CO2] 64

4. Large-Scale Transport of CO2

CO2 can be transported in the solid, liquid, or gas phase. Liquid phase transportation
is a critical method due to topographic variations that could cause pressure drop and
temperature change, which leads to two-phase flow liquid-gas. Therefore, the most efficient
way to transport CO2 is in the supercritical phase (pressure higher than 7.38 MPa and
temperature of more than 31.2 ◦C). The transportation via pipeline is characterized by
a steady-state supply of CO2 without temporary storage, while ship transport becomes
feasible for long distances or overseas.

CO2 has been transported by pipeline for many years to industry users (e.g., food
production, winemaking, oil recovery) while, in recent years, millions of tonnes of CO2
have been transported to the USA and Canada for EOR. Therefore, it is a mature technology,
though a significant effort would be required to scale up the infrastructure to manage the
global captured target of 7 Gt/y [36], which is much larger than the approximately 50 Mt/y
transported for EOR in the USA [37].

4.1. CO2 Thermophysical Properties

The transportation chain starts from the conditioning of a CO2 rich stream from a
capture process and ends with the injection into the storage sink. Between these two
points, the CO2 transportation can take place via pipeline, ship or tanker trucks. Pipelines
today operate as a mature market technology. The CO2 gathered from different capture
technologies from sizeable stationary emission sources (e.g., industries and power plants)
is conditioned, to remove impurities, and typically compressed up to 80 bar to avoid two-
phase (i.e., liquid-gas phases) flow regimes and density increase. When it is transported
via ship or road or rail tankers, the liquid CO2 carried is insulated at a low temperature
and pressure in tanks. Usually, the thermodynamic designs for semi-refrigerant tank types
are −54 ◦C and 6 bar or −50 ◦C and 7 bar [38].

CO2 can be transported in all three phases. For example, during pipeline transporta-
tion, pressure drops and temperature changes can cause a phase change. Therefore, it is
crucial to know the CO2 phase diagram reported in Figure 9a. The phase diagram contains
two important points: (i) triple point (−56.6 ◦C, 5.2 bar), the three phases of the substance
coexist in thermodynamic equilibrium; (ii) critical point (31.1 ◦C, 73.8 bar), above which
the substance exists as a supercritical fluid. In this last phase, CO2 has the density of a
liquid and viscosity of a gas [39].

After purification, CO2 is dried to remove water particles and avoid corrosion to
carbon and low-alloy steel lines. Indeed, moisture condensation can cause carbonic acid
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formation. After this process, the CO2 is pressurized to often achieve a dense phase fluid,
increasing pipeline transportation efficiency.

The behavior of the captured CO2 depends on its composition. The composition
relies upon the source type (e.g., power plant, industrial process), capture technology (e.g.,
post-combustion, oxy-combustion, pre-combustion), and fuel type. It may contain other
chemical species like water vapour, CH4, N2, H2S, O2, and several other hydrocarbons. The
presence of impurities has a significant impact on the physical properties (phase diagram)
and hydraulic parameters (e.g., density, viscosity), as illustrated in Figure 9b. Therefore, a
CO2-rich mixture diagram is necessary to design the transportation correctly.
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This alteration has both technical and economic implications. The pumped system
is recommended to keep the CO2 under the supercritical phase all along the pipeline.
Further attention has to be paid to the depth variation, which induces temperature and
pressure change.

It has been highlighted that the presence of free water in the CO2 stream should be
avoided, and its content should be limited between 50–600 ppm [40]. The level of moisture
depends on the quantity of SOx, NOx, and H2S contained in the CO2 stream, which can be
formed in the presence of aqueous phase sulphuric and nitric acids and cause a pH drop of
the solution. Therefore, the gas purification steps are essential to adjust the composition
and obtain high CO2 concentration.

4.2. Economic Evaluation of CO2 Pipeline Transportation

Several works explain different cost models for pipeline transportation, but all of
them give inconsistent results [41] due to different topographic conditions (e.g., onshore vs.
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offshore), geographical regions, which influence labour, and the right to travel under or
over private land (Right-Of-Way cost (ROW)), assumption (e.g., lifetime, capacity factor),
material (e.g., steel, coating, insulation), incorporated costs (e.g., initial pressure).

The transport cost model developed by the National Energy Technology Laboratory
(NETL) [42] estimates the cost of transporting dense phase CO2 using a single point-to-point
pipeline. The model has a level of accuracy between +50/−30%, and the analysis includes:

• Capital costs: Purchasing and installing the pipeline, surge tank, control system, and
booster pump.

• Operation and Maintenance costs: For pipe, pump, and electricity to power pumps.

The costs of the material and installation of the pipeline depending on the diameter
and length of the pipe.

The diameter is a function of CO2 mass flow rate, pressure losses due to elevation
difference and rugosity of the material, and the number of boost pumps. The CO2 stream
is assumed to be pure for the sake of simplicity.

Every segment of the pipeline is divided by pump stations and has the same length,
inlet pressures equal to the initial inlet pressure, and outlet pressures identical to the end
outlet pressure for each segment, while in the case of elevation difference, all the branches
of the pipeline have the same variation. In this way, each pipe has the same pressure loss
and elevation changes.

The transport cost model provides three methods for inner diameter calculation:

1. McCollum and Ogden.
2. Heddle et al. and MIT.
3. McCoy and Rubin.

As a result, the inner diameter obtained in the three methods is rounded up to the
near-standard diameter.

The transport cost model computes the capital cost, which is incurred only during
the project construction years, and operating cost, which is incurred during the project
operation years.

Detailed construction costs for CO2 pipelines are not available, and for this reason
the capital cost model is based on the natural gas pipeline data set, and the numbers
provided are assumed as the as-built-cost. The capital cost of the pipeline can be divided
into four categories: (i) materials: pipe, coating and cathodic protection; (ii) labour costs;
(iii) ROW and damage; and (iv) miscellaneous: engineering costs, supervision, contingen-
cies, telecommunication equipment, taxes, administration and overheads, and regulatory
filing fees.

Three equations provided by Parker [43], McCoy and Rubin [44], and Rui et al. [45]
are taken into consideration to compute the capital cost of the pipeline,

Finding these values, the model changes them to CO2 pipeline costs through several
different coefficients, depending on the equation chosen.

The following Table 5 summarises the main input parameter used in the analysis.
Figure 10a demonstrates that the method used to calculate the inside diameter of the

pipeline did not affect the final result. In contrast, the three methods utilized to compute
firstly the capital cost of the natural gas pipeline and then the CO2 pipeline, illustrated in
Figure 10b, give significantly different results.

The Parker equation always gives the highest cost compared to the others, while the
estimation cost of CO2 transportation using the Rubin method is lower. Rui and Rubin’s
methods show a slightly decreasing trend with the increasing length of the pipeline; on
the contrary, the Parker method does not describe cost reduction as the length of the pipe
goes up. The analysis was obtained through an iterative calculation of the inner diameter,
pressure drops, and several other parameters. The transportation cost also includes the
optimal number of pumps used to avoid CO2 phase change.
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Table 5. Financial parameters and technical parameters used to perform an economic analysis of
CO2 transportation.

Financial Parameters

Capitalization 50%
Cost of Equity 12%
Cost of Debt 4.5%

Tax Rate 24%
Escalation Rate 3%

Project Contingency Factor 15%
Depreciation method-recovery period for depreciation DB150—15 years

Duration of Construction in years 3
Duration of Operation in years 30

Technical Parameters

Annual tonnes of CO2 Transported (on average) [Mt/y] 5
Capacity Factor 80%

Inlet Pressure [MPa] 15.3
Outlet Pressure [MPa] 8.4

Change in elevation [m] 0
Temperature of the environment [◦C] 12

Pump efficiency 75%Energies 2021, 14, x FOR PEER REVIEW 18 of 33 
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5. CO2 Sequestration and NGH Purification

Storage of carbon dioxide from a power station or industrial facilities can be feasibly
done as climate change mitigation options in subsurface formation within or below the
ocean or under the ground. Considering the large-scale capture and storage, it is crucial
to highlights the toxicity of CO2. The concentration in the atmosphere is around 0.04%
but, if it increases up to 10%, the CO2 acts as an asphyxiant while, if it rises until 20%, the
inhalation leads to rapid death. Therefore, once stored, the site will need to be monitored
for many years to verify that CO2 can never be released to the atmosphere.

The main types of underground storage site are:

• Oil and gas wells. They are immediately accessible and used for EOR. During the
extraction process, it is possible to achieve an oil with high viscosity (i.e., heavy oil)
that it is impossible to extract with conventional methods. The injection of CO2 is one
method to enhance oil recovery. The gas remains underground after pumped while
the oil can be extract. The sequestered CO2 have to be monitored every days [46]. It
can also be used depleted oil and gas fields, providing a storage capacity that will
often have pipeline access but with limited capacity.

• Coal beds too deep to be mined. These coal beds (relatively rare) usually contain
methane, and therefore carbon dioxide can replace it. The recovery methane will offset
the cost of carbon dioxide sequestration.

• Brine aquifer. It is created when a cap of impermeable rock is formed deep un-
derground and prevents water and gas seeping upwards. It can potentially be the
most critical type of underground site in which CO2 can replace the brine to remain
securely stored.

• Sequestrating CO2 as hydrate. Potentially, the CO2 can be trapped as clathrate hy-
drates into deep oceanic basins, depleted or existing natural gas hydrate reservoir, sub
permafrost region with unfrozen water, and depleted oil and gas partially saturated
with water.

5.1. CO2 Storage as Clathrate Hydrates

Subsurface CO2 permanent sequestration through clathrate hydrates formation is a
novel method to mitigate global warming. Gas hydrate are clathrate compounds in which
some guest gas molecules (e.g., CO2, CH4, C2H6) are encapsulated in water molecules.
The gas hydrate form under low temperature and high-pressure conditions via hydrogen
bonding between water molecules. Reserves of methane in hydrate structure are abundant
in geological accumulations in offshore and permafrost environments, and they exceed the
all-carbon fossil fuel [47].

Three methods are used to shift the equilibrium and produce methane from oceanic
sediments: (i) thermal stimulation through direct heating or injection of heated fluid;
(ii) depressurization is the preferred technique for driving gas hydrate dissociation; (iii)
injection of chemical inhibitors; (iv) gas swapping [48]. The thermal stimulation method
requires a continuous energy source to raise the hydrate temperature above the stability
point. The depressurization method decreases the hydrate pressure under the stability
point, causing hydrate dissociation. Inhibitor injection involves the injection of a compound
at isobaric conditions that shift the equilibrium point to the lower temperature. The injection
of CO2 molecule into NGH deposits involves the replacement of CH4 into the water cages
that leads to produce methane and store carbon dioxide.

CO2 forms a stable hydrate structure at lower pressure conditions than CH4 hydrates
at the same temperature, as it is showed in Figure 11. Therefore, CO2 hydrates are more
stable than CH4 hydrates under certain conditions (i.e., CO2 and CH4 hydrates equilibrium
curves intersect at around 10.5 ◦C and 75 bar), and it can displace the methane in the
hydrate structure. In this way, it enables low carbon energy recovery (e.g., CH4) while
offsetting capture and transportation cost. Besides, CO2 can re-occupy the pore space
from methane recovery, maintaining the mechanical stability of the rock and preventing
possible hazards of slope failures. Uchida et al. [49] have demonstrated via experiment and



Energies 2021, 14, 387 19 of 32

theoretical calculation that, at a temperature below 10 ◦C, the equilibrium pressures of the
CO2 hydrates are lower than those of CH4 hydrate.
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CO2 and CH4 molecules form both the type SI of crystal-structure hydrate that consists
of six medium cages and two small cages. During the hydrate formation, the CO2 molecule,
which is slightly larger than the CH4 molecule, only occupies the medium cages, while the
methane molecule occupies both medium and small cages. As a result, more CH4 can form
in the early stages. The heat of CO2 hydrate formation (−57.9 kJ/mol) is greater than the
heat of dissociation of CH4 hydrates (54.5 kJ/mol). Therefore, a replacement reaction occurs
in the later stages due to the favorable exothermic process [51]. The exothermic nature of
the CO2 hydrates formation provides the heat of methane dissociation and increases the
storage temperature. Therefore, the storage’s temperature is a critical parameter that has to
remain below 10.5 ◦C to avoid CO2 dissociation and CH4 hydrate re-formation.

Lee et al. have examined CH4 and CO2 molecule distribution over the two cage sites
(i.e., S and M) by Magic Angle Spinning Carbon-13 Nuclear Magnetic Resonance (MAS 13C
NMR) into a hydrated sample. This analysis shows a limit to the CO2 replacement degree.
It was estimated that 64% of methane can be recoverable from the NGH reservoir, resulting,
after only via the exchange of CO2, a product hydrate with a CO2/CH4 ratio of 1.8 or
greater at equilibrium condition. Otherwise, a kinetic test showed that the replacement
reaction is almost complete in less than five hours, and the product hydrate results with
a CO2/CH4 ratio of 1. Consequently, 50% of methane included in the reservoir can be
replaced by CO2, and therefore a complete methane recovery is not possible [52].

The mixture of carbon dioxide and methane gas is present in the hydrate reservoir
when the CO2 is injected into the NGH. Adisasmito et al. proposed the following poly-
nomial equation fitted to the experimental data to measure the gas mixture’s equilibrium
condition in hydrate form [53].

ln
(

Peq
)
= 175.3− 89009

T
+ 0.07392× y +

1.1307× 107

T2 − 23.392× y
T

+ 3.9566× 10−5 × y2 (8)
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The equilibrium pressure Peq is measured in MPa, the temperature T is in ◦K, and y
is the mole percent of carbon dioxide in the vapor phase. The above equation was fitted
for a temperature between 273 K and 288 K, while the maximum pressure of the CO2 was
selected not to exceed 4.37 MPa to avoid the formation of liquid CO2. Indeed, at a pressure
higher than 4.37 MPa, the dissociation of methane hydrate occurs at a higher temperature
than the hydrate formation of liquid CO2. Therefore, at high pressure, the CO2 might not
sequester as hydrate and can cause instability of the seafloor. The equilibrium condition of
the hydrate mixtures is shown in Figure 12.
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Figure 12. Hydrate phase equilibrium of a mixture of carbon dioxide and methane from Equation (8).

The upper and lower limit of the phase equilibrium diagram represents the cases of
pure methane and pure carbon dioxide hydrates, respectively. The equilibrium conditions
for the mixed gases lie between these two limits. The figure shows that at a fixed temper-
ature, the equilibrium conditions move to lower pressure and, at a fixed pressure, they
move to a higher temperature when the CO2 mole fraction in the mixture increases.

The experiments above are conducted in the bulk phase; however, the dissociation
of methane hydrate and its replacement via carbon dioxide occur in sediment reservoirs.
Therefore, this process needs to be studied in porous media. Figure 13 compares the
hydrates equilibrium conditions in porous media with those in the bulk phase [54].

The experimental data are measured mainly in porous silica gel and porous glass, and
they are represented via symbols, while the lines represent value obtained by correlations.
The figure shows that the equilibrium pressure is higher at a temperature while, at a
pressure, the equilibrium temperature is lower in porous media than in the bulk phase.
Besides, from the last two figures, we can deduce that increasing the CO2 mole fraction
in the hydrate deposits will reduce the favorable range of temperature and pressure.
Consequently, an accurate range selection is needed for simultaneous methane production
and carbon dioxide sequestration [54].

The processes of hydrate formation and dissociation in porous media are different to
respect those in the bulk phase. In porous media, the hydrate will first form in the smaller
size pores as the temperature decrease. On the other hand, if the temperature increases, the
hydrates will first dissociate in the largest pore. The injected CO2 can form hydrate into a
pore throat blocking the pore. As a result, the hydrate particles can isolate large quantities
of methane hydrate in a deeper pore and hampers further methane dissociation and
carbon dioxide sequestration. Clennest et al. have predicted the hysteresis cycle between
crystallization temperature and the dissociation of the clathrates in porous media [55].
Concerning the heat of dissociation and formation of the hydrates, several researchers have
yielded conflicting results and therefore need further investigation [54].
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Gambelli et al. have tested the CO2 replacement into NGH deposit via a combination
of two strategies. Once the CH4 hydrate formation is carried out, the replacement phase is
performed via depressurization and CO2 injection. The quantity of CO2 stored depends
on the sum of two contributions: the methane replacement and an ex-novo CO2 hydrate
formation. The CO2-CH4 exchange in methane hydrates is favorable; however, the new CO2
hydrate formation around and the superficial replacement process limit the transition of the
CO2 into the deeper layer inside the deposits and, therefore, the overall replacement process.
As a result, the storage efficiency (i.e., the ratio between the moles of CO2 permanently
stored into the NGH and the total amount of CO2 injected inside the deposit) is limited at
36% with a value of sand pore saturation degree equal to 7.6% [56].

ηstorage =
nCO2 stored

nCO2 injected
(9)

An experimental apparatus able to promote methane production via a combined CO2
replacement and depressurization was tested by Zhao et al. [57]. In this manuscript, they
run two tests conducted with and without depressurization combined replacement method.
This experiment shows the great benefit of the combined method, increasing methane
replacement from 7% without depressurization to 25% with a mixed method [57].

Japan and China have carried out methane production testing in oceanic NGH reser-
voir, showing the possibility and feasibility of methane production by depressurization.
Four tests are conducted, three in Nankai Trough (Japan), and one in Shenhu Area, China.
The first Japanese test was done in March 2013, but the methane production was inter-
rupted only after six days due to the abrupt sand production. The other two tests were
performed in the same location in 2017 but also, in this case, the trials lasted 12 and
24 days, respectively. China has extracted from an oceanic NGH reservoir via a single
vertical well by depressurisation method in the same period. China’s test was performed
in the South China Sea for 60 days. The average daily gas production rate falls between
2.9 × 103–8.3 × 103 in both test sites, with a peak of 2 × 104 m3/day [58].

5.2. Carbon Dioxide Replacement Cost and Conventional Storage Cost

The recovery of methane from NGH and its replacement with CO2 molecule remains
very challenging, and no previous work on the open literature have reported its cost.
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Only a few studies have commented on the economics of methane production from NGH
reservoirs, and one of these is used to extrapolate the infrastructure’s data cost. In fact,
Vedachalam et al. [59] have analysed the techno-economic methane production based on
the depressurization method. This method involves a vertical well that connects the NGH
formation with a Floating Production Unit (FPU) with a pump able to depressurize the
reservoir. The main cost parameters are summarized in the Table 6 below:

Table 6. Cost data used to compute the simultaneous CO2 storage and methane production.

Cost Element Unit Number of Wells

CAPEX 1 2 5 10
Mob & Demob [$ · 106] 1.5 1.5 2 2

Top Side System [$ · 106] 250 250 350 350
Subsea system [$ · 106] 5 10 25 50

Drilling & Completion [$ · 106] 1.5 3 7.5 15
OPEX [$ · 106/year] 2 4 10 20

We have assumed that the cost data summarized in Table 6 for methane production
via depressurization method are the same when a combined method (i.e., CO2 replacement
+ depressurization) is applied. The main financial and technical parameters used as input in
this simulation are summarized in Table 7. The lifetime of the plant is set up at 15 years [58].
We have assumed that the CO2 only replaces methane hydrate and does not form a new
hydrate to facilitate the economic simulation.

Table 7. The financial and technical parameter to evaluate the CO2 storage cost.

Financial Parameters

Capitalization 50%
Cost of Equity 12%
Cost of Debt 4.5%

Tax Rate 24%
Escalation Rate 3%

Project Contingency Factor 15%
Depreciation method-recovery period for depreciation DB150—15 years

Duration of Construction in years 3
Duration of Operation in years 15

Technical Parameters

Annual methane production [Mm3/y/well] 3
Capacity Factor 80%

Price of methane in japan (2019) [$/m3] [60] 0.335
ηstorage [56] 36%

Annual CO2 stored [Mm3/y/well] 3

The tests defined the annual methane production performed both in Japan and China
sites, and it was assumed that could be the same when the combined method is applied.
The syngas produced from NGH is not composed only of methane but also the injected CO2
that does not participate in the reaction [56]. As a result, the produced syngas comprises
36% CH4-66% CO2 at the chosen storage efficiency. The economic analysis was conducted
for different numbers of wells, and the minimum cost to store one ton of CO2 is illustrated
in Figure 14.
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Figure 14. CO2 storage cost at different numbers of wells when a combined method that includes
CO2 replacement and depressurisation of the NGH reservoir is applied to produce methane.

Increasing the number of wells, the revenue derived from methane’s sale goes up
because the methane production increases. Simultaneously, the amount of carbon dioxide
that replaces the methane and is sequestrated as hydrate increases. As a result, the CO2
storage cost drops from 11.6 $/t to 5.8 $/t when the wells’ numbers pass from one to two,
respectively. The minimum CO2 storage cost was obtained with ten wells, but there are no
manuscripts that report many such wells working simultaneously to produce methane in
the NGH reservoir. Therefore, the CO2 storage cost in NGH with two wells might be the
representative value to compare this solution with the other possible storage sites.

Costs for geological storage are widely variable due to different reservoir types (e.g.,
onshore, offshore, depleted field, deep saline formation) and reservoir geology (e.g., depth,
permeability). Therefore, storage cost is reported as a range, and the data are provided by
different literature.

5.3. Methane Upgrade with Membrane-Based Separation Technology

Concerning the CO2 separation process, membrane technology is used to upgrade bio-
gas, increasing methane content on NG/SNG, reaching the purity fixed by a gas network.

Natural gas is considered a helpful bridge fuel to decrease greenhouse gas emissions.
Purification and quality upgrade are necessary to use several natural gas reservoirs at low
methane concentration as well as several processes are enough to carbon conversion and
SNG production. For this purpose, membrane technology is applied to separate CH4 from
a mixture of gases composed by CO2, CH4, N2, H2O, and heavy hydrocarbons.

Commonly used glassy polymers for gas separation are polyimides (PI), polysulfone
(PSF), polycarbonates (PC), while the mainly used rubber membranes are polyurethane
(PU) and polydimethylsiloxane (PDMS). Among the PI polymers, Matrimid membranes are
the most interesting; it is inflexible, strong and presents a CO2 permeability of 12.7 barrer
and CO2/CH4 ideal selectivity near to 40, at 20 bar [61].

PSF membranes are produced in three ways (asymmetric, dense, and composite), and
they have CO2 and CH4 permeability of 12.33 and 4.69, respectively, while the CO2/CH4
selectivity is equal to 3.37 [62]. Carbon dioxide sequestration is relevant nowadays, and
PDMS membranes possess excellent CO2 permeability, high thermal stability, and a low
rate of aging.

Also, the mixed matrix membrane is used to upgrade natural gas. Graphene oxide
(GO) has been incorporated into the polyethylene oxide matrix (PEO) for sustainable CO2
capture obtaining mechanical properties improvement. Permeability is enhanced by taking
advantage of increased fractional free volume. As the GO contents increase from 0 to
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1.0%wt, the H2, N2, and CO2 (10 atm) permeabilities increase from 27.3, 5.84, and 280 barrer
to 47.7, 8.5 and 474 barrer, respectively [63].

Simultaneous improvement in CO2 permeability and CO2/CH4 selectivity can result
in dispersing NOTT-300, a new MOF, in the Pebax1657 matrix. Increasing the content
of BOF CO2 permeability reached 395 barrer, while CO2/N2 and CO2/CH4 selectivity
reached 61 and 36, respectively, at 10 bar [64].

Several authors have analysed the techno-economic feasibility of CO2 removal from
natural gas via membrane technology, more of them with a CO2 content between 10%
and 50% into the syngas. Yunhan Chu et al. have performed an HYSYS simulation and a
cost evaluation. Assuming that 100 $/m2 is the carbon-based membrane cost, the use of
two-stage with recycling and a feed syngas with 50% of CO2, the natural gas processing
cost results in 0.044 $/Nm3 of natural gas achieving 98% of CH4 in the retentate and 2% of
losses [65].

Gilassi et al. have performed a new optimization model to determine the optimum
module number while minimizing the cost. The model has revealed that the use of two
membrane units is enough to rich a pure output stream composed up to 98% of methane
and reduce the methane losses above one percent. The biogas separation cost increases
almost linearly with the content of CO2 into the feed syngas. The biogas separation cost
varies from 0.045 $/Nm3 to 0.09 $/Nm3 of CH4 with 10% and 40% of CO2 contents in the
feed syngas, respectively [66].

The syngas produced during the methane extraction and simultaneous carbon dioxide
sequestration from the NGH reservoir might contain 64% of CO2. This value is higher
than that estimated by the authors previously cited. Nevertheless, a two-stage membrane
separation process to upgrade the methane content until 98% can also be used for this appli-
cation, as shown in Figure 15. As a result, the separation cost can be equal to 0.126 $/Nm3

with 64% of CO2 from its linearization. Therefore, the CO2 separation cost is 0.036 $/ton of
CO2 as evaluated in Equation (10).

CCO2 = Csyngas

[
$

Nm3CH4

]
∗

yCH4

yCO2 ∗ ρCO2

[
$

tCO2

]
(10)

CCO2 is the cost to separate the CO2 in $/ton of CO2, Csyngas is the biogas separation
cost, yCH4 and yCO2 are the mole fractions of methane and carbon dioxide in the syngas,
respectively, and ρCO2 is the density of carbon dioxide equal to 1.976 ton/Nm3 of CO2.
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6. Comparison between the Most Promising Technologies and CCS Cost Results

Previous sections present techno-economic analysis on the full pathway that, starting
from captured CO2 from power and process industries by several carbon capture tech-
nologies, will deliver it to geological sequestration by pipeline. The main carbon capture
processes (oxyfuel-combustion, pre-combustion and post-combustion), the CO2 transporta-
tion to onshore/offshore storage sites, the CO2 deep marine injection into hydrates site are
examined by techno-economic analysis. At the same time, several membranes with the
best performance are reported for the purification of the CO2/CH4 effluent returning from
the storage site in which injected CO2 replaces CH4.

The final CCS chain can be designed considering parameter specification of each
component (capture, transport, and storage), incorporating relevant global parameters (e.g.,
electricity price, methane price) and evaluating economic outcomes of the chain, typically
net present value and CO2 cost. The potential of a commercial CCS project is affected
by CCS technology maturity level, business economy factors, environmental impact risk
associated with the full pathway of CCS, public acceptance, regulation, and market.

We have reported the efficiency penalty of the plant with CCS, the increasing levelized
cost of electricity, and CO2 capture cost. As key results, the cost of CO2 captured for
oxyfuel combustion (air separation unit), pre-combustion (PSA) and post-combustion
(MEA) were 52 [$/t], 63 [$/t] and 46 [$/t], respectively, while the CO2 capture cost resulted
by membrane separation technology developed by MTR and NETL is 2 $/tCO2 less than
MEA. Therefore, the best performance is reached by applying the membrane separation
process as post-combustion capture technology resulting in cheaper CO2 capture cost. At
the state of the art, MEA technology is the most used and less expansive at large scale,
but the membrane capture system seems the most promising and interesting process
to scale-up.

Concerning the transportation of CO2, economic analysis shows different results when
different methods are applied. Among them, we have illustrated the two, which lead to
lower and higher values, to report the range of CO2 cost transportation at different lengths
of the pipeline. As result, for 100 [km], the range of CO2 cost transportation is between 0.8
and 1.4 [$/t].

Finally, several geological storages were analyzed, and several values are reported in
the literature. The biogas separation cost has to be added when methane is produced from
a NGH reservoir.

Figure 16 points out the cost of the complete CCS chain, considering conventional
storage sites and NGH reservoir. CCS cost low line is composed of the cost of CO2 capture
and the most economical cost of CO2 transport (using Rui et al. method) and storage
(1.5 $/t CO2 see Table 8). On the contrary, the CCS cost high line takes into account the CO2
capture cost, and the higher cost of CO2 transport (using the Parker method) and storage
(i.e., 30.6 $/t and 11.6 $/t for conventional site and NGH reservoir, respectively). The figure
illustrates the trend of CCS cost at different distances between source and storage. As a
result, the maximum price of CCS chains using membrane based-gas separation technology
for CO2 capture and for storing the carbon dioxide in the NGH reservoir is lower than
the value of the CCS chain when the CO2 is stored in a conventional site. The range of
CCS cost at different pipeline length was evaluated, finding for CO2 store in conventional
reservoir and in NGH site [46.3;76] and [46.3;57] [$/t], respectively at 100 km.

The CO2 capture is the most impacting cost item, as shown in Figure 17. This figure
illustrates to what extent each step of the CCS chain affects the total cost at different pipeline
length. It seems very clear that the CO2 transportation is almost neglected for low distance,
while capture and storage processes play a fundamental role in the CCS chain. As a result,
for 100 km between source and NGH storage site, CO2 capture with membrane technology,
transport, and storage make up 86%, 2%, and 11%, respectively, of the total CCS cost.
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Table 8. Range of storage cost for several reservoir types, either onshore or offshore. All prices are
reported in US dollars in 2013.

Reference Reservoir Type On/Off-Shore Low High Unit

[67]

Depleted O&G field—reusing wells onshore 1.5 10.7 [$/t CO2]
Depleted O&G field—no reusing wells onshore 1.5 15.3 [$/t CO2]

Saline formation onshore 3.1 18.4 [$/t CO2]
Depleted O&G field—reusing wells offshore 3.1 13.8 [$/t CO2]

Depleted O&G field—no reusing wells offshore 4.6 21.4 [$/t CO2]
Saline formation offshore 9.2 30.6 [$/t CO2]

[68] Saline formation Onshore 6.8 12.6 [$/t CO2]

[69] Poor and good reservoir properties Onshore 6.2 13.4 [$/t CO2]

CO2 storage in NGH reservoir Offshore 1.5 11.6 [$/t CO2]
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Figure 17. Total cost of CCS chain for several pipeline length, subdivided into the three components:
capture, transportation, and storage in NGH. For the transportation cost was used a mean value
while for the storage cost in NGH reservoir was assumed two wells.
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The whole pathway of CO2 is shown in Figure 18. The exhaust gas coming from a
carbon-intensive plant is pre-treated into a CO2 separation unit. The best performance
technologies are the MEA process and the membrane capture process. The CO2 captured is
sent to the NGH reservoir through the pipeline transportation system, both onshore and
offshore. The CO2 transported before is injected into the NGH reservoir, thermodynamic
condition changes, and syngas pass from hydrate to the gas phase. The produced syngas
has to be treated in order to respect the regulations of the methane network. One of
the best technologies to separate a gas mixture with CO2/CH4 is also the membrane
separation technology.
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Figure 18. Final CCS chain. The flue gas from industries and power plants is treated into the separation unit. The CO2

captured is transported via pipeline to the NGH reservoir. The injection of CO2 causes a syngas production. The syngas was
purified through membrane technology, and the permeant gas-rich of CO2 will be injected another time in NGH reservoir.
The fuel product rich of methane is in this way a neutral carbon fuel.

7. Conclusions

This paper explores options for CO2-enhanced methane recovery from hydrates and
clarifies the weight of each step on the overall CCS pathway. The main goal is to find the
total cost of CCS to capture, transport, and store the CO2 in the hydrate phase, replacing
the natural gas produced from NGHs reservoir.

A wide range of CO2 capture technologies are developed but there are only two large
scale facility in operation configured to operate with MEA capture process. Several power
plants equipped with different and promising carbon capture technologies have been built
in order to reduce the CO2 capture cost by learning from experience and meets a sufficient
abatement of the CO2 emission.

We have focused our study in one innovative capture technology, reporting membrane
capture technology using the PoarisTM membrane developed by MTR. The cooperation
between MTR and the Department of Energy (DOE)/NETL can help this technology
became cheaper. The upgrade to plant scale is already programmed and could lead to
reducing the CCS cost.

Successively, we have shifted the study on the CO2 transportation from source to
sink. To find the cost of CO2 transportation, the NETL techno-economic model was used,
resulting in optimal inner diameter and number of boost station. Pipeline transportation
process is a mature technology but a new network that connect sources (i.e., power plants
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and industries) with CO2 consumers and storage sites should be implemented and financed
by states.

The cost of CO2 storage in the NGH reservoir was evaluated, but this process requires
new experimental tests both at laboratory and in a real reservoir. Natural gas was pro-
duced through the injection of anthropogenic CO2 in the NGH reservoir combined with a
depressurization method. Future works will have the aim to find the CO2 cost separation
from syngas outgoing NGH. The membrane-based CO2 separation process seems the best
option to upgrade the methane stream, and new works are needed to develop membranes
with higher permeability and selectivity useful for this process.
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Nomenclature

ASU Air Separation Unit
BF Blast Furnace
BOF Basic Oxygen Furnace
CCS Carbon capture and storage
CEPCI Chemical Engineering Plant Cost Index
CPU CO2 Processing Unit
DOE Department Of Energy
DRI Direct Reduction Iron
EAF Electric Arc Furnace
EOR Enhanced Oil Recovery
ESP Electro-Static Precipitator
FGD Flue Gas Desulphurisation
FOAK First-Of-A-Kind
FPU Floating Production Unit
GDP Gross Domestic Product
GO Graphene oxide
GPU Gas Permeation Unit
Gt Giga tons
HHV Higher Heating Value
HRSG Heat Recovery Steam Generator
IGCC Integrated Gasification Combined Cycle
IPCC Intergovernmental Panel on Climate Change
LCOE Levelized Cost Of Electricity
LEILAC Low Emissions Intensity Lime and Cement
MAS 13C NMR Magic Angle Spinning Carbon-13 Nuclear Magnetic Resonance
MEA Mono-ethanolamine
MIUR Ministry of Education, University and Research
MMMs Mixed Matrix Membranes
MOF Metal-Organic Framework
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MTR Membrane and Technology Research
MW Net Plant Capacity
NETL National Energy Technology Laboratory
NG Natural Gas
NGH Natural gas hydrate
PC polycarbonates
PCCI Power Capital Cost Index
PDMS polydimethylsiloxane
PEO polyethylene oxide
PI polyimides
PM Particulate Matter
PRIN Project of Relevant National Interest
PSA Pressure Swing Absorption
PSF Poly-sulfone
PU polyurethane
ROW Right-Of-Way
SCPC Super-Critical Pulverised Coal
SNG Synthetic Natural Gas
SOFC Solid Oxide Fuel Cell
SR Steam Reformer
TCC [$] Total Capital Cost
tLS ton of liquid steel
TRL Technology Readiness Level
USC Ultra-Super-Critical
VPSA Vacuum Pressure Swing Absorption
WGS Water Gas Shift
Parameters
C Capture fraction
CCO2 [$/t] CO2 separation cost
Csyngas [ $

Nm3CH4
] Syngas separation cost

CF capacity factor
f CO2 capture rate
FC [$/MJ] Fuel Cost
FCF [fraction/year] Fixed Charge Factor
FOM [$/y] Fixed Operating and Maintenance cost
HR [MJ/MWh] Heat Rate
nCO2 injected Mole of CO2 injected
nCO2 stored Mole of CO2 permanently stored
Peq [MPa] Equilibrium pressure
Qe,b [tCO2/MWh] Baseline emissions
R [J/(mol K] specific gas constant
T [K] Temperature
VOM [$/MWh] Variable non-fuel Operating and Maintenance cost
W [J/mol] Energy requirement
x Molar Fraction on feed side
y Molar Fraction on permeate side
α Selectivity
ηb [%] Baseline efficiency
ηCC [%] Efficiency with carbon capture
ηstorage [%] Storage efficiency

ρCO2

[
t

Nm3

]
CO2 density
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