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Abstract: As Canadian crude bitumen production from oil sands has increased in recent decades,
the nation’s oil and gas industry has become a significant contributor to national greenhouse gas
emissions. Canada has developed carbon emission reduction targets to meet its Nationally Deter-
mined Contributions and Mid-Century Strategy goals. A detailed profile of energy consumption
pathways in the oil sands industry is necessary to identify potential areas of improvement and to
monitor progress toward meeting emissions reduction targets. Much of the existing literature for
oil sands modeling provides input assumptions with different technological boundaries. For a set
of oil sands extraction and upgrading technologies, this study first reviews the literature and then
quantifies energy input requirements, CO2 emissions, and operating costs for a set of consistent
technological boundaries and energy units. Summary results refer to requirements and costs at
the production facility, excluding transportation and blending costs. An energy system diagram of
oil sands production that matches these boundaries is provided, which can be used by integrated
assessment models, oil sands companies, and government ministries to evaluate the present and
future energy consumption and emissions pathways of the oil sands industry.

Keywords: oil sands; CO2 emissions; energy input; energy supply costs; industrial energy consump-
tion; energy system modeling; Canada

1. Introduction

Canada’s oil sands are one of the largest unconventional fossil fuel reserves in the
world, comprising 10% of the global total [1]. Crude bitumen production in Canada has
increased significantly over the past four decades, from 47.4 thousand barrels per day (bpd)
in 1975 to 2530 thousand bpd in 2015. The application of one particular technology, in situ
production, has increased about 400-fold during this time period [2]. Canadian crude oil
production is projected to increase by 1.27 million bpd, or 1.44% per year, to 5.86 million
bpd by 2035 [3].

Over the next 10 years, the oil sands industry is expected to pay an estimated CAD
230 billion in provincial and federal taxes [4]—although the COVID-19 pandemic is likely
to reduce these figures [5]. Oil sands development yields significant economic benefits,
but it also has negative environmental impacts, including deforestation [6], emissions of
greenhouse gases (GHG), and production of significant volumes of waste products [7]. Oil
sands are an unconventional oil resource with high viscosity, and thus require more energy
to recover, extract, and upgrade into refined products than conventional oil resources [8].
Further, oil sands-derived GHG emissions are generally higher than conventional crude
oil-derived emissions per unit produced [9].
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As Canadian government regulators and corporations have adopted GHG emissions
reduction targets, oil sands producers have been increasing production. At the national
scale, Canada has developed a set of Nationally Determined Contributions intended to
reduce its GHG emissions by 30% below 2005 levels by 2030 [10] and its Mid-Century
Strategy (MCS) proposes reductions of as much as 80% by 2050 [11]. Internationally,
regulations such as California’s Low Carbon Fuel Standard (LCFS) and the European Fuel
Quality Directive require a 10% reduction in life cycle greenhouse gas (GHG) emissions
from transportation fuels by 2020 [12,13]. GHG emissions from the oil sands industry
have increased from 35 Mt in 2005 to 72 Mt in 2016 and are expected to reach 106 Mt by
2030 [14], reflecting a growth in oil production with higher prices. Figure 1 shows the
GHG emissions trend in each Canadian economic sector from 1990 to 2016. The oil and
gas sector became the largest GHG emitting sector in Canada in 2016 [14], mainly through
combustion processes. A detailed profile of energy consumption pathways in the oil sands
industry is necessary to identify potential areas of improvement and to monitor progress
toward meeting emissions reduction targets.

Figure 1. Canadian GHG emissions by economic sector (Mt CO2eq) from 1990 to 2016 [14].

To understand the impact of energy activities on economic, climatic and other envi-
ronmental systems, integrated assessment models (IAMs), energy system models, life-cycle
assessments, and similar tools are widely used by scientists, economists, and decision
makers. In order to build the energy input-output (I-O) flows of oil sands production
through the macroeconomy in these analytical tools, it is important to quantify energy
inputs and operating costs of each production process. Although previous studies have
investigated technologies and energy consumption in oil sands production, the majority
refer to confidential data sources and have inconsistent boundary definitions, preventing
their inclusion in open-source model applications. As demonstrated in the following
sections, some studies have estimated energy consumption for extraction facilities coupled
only with on-site upgrading facilities, while others have estimated energy consumption
only for standalone extraction and upgrading facilities. Further, units of measurement for
energy consumption and operating costs are inconsistent across the literature. Therefore,
this study first reviews recent work published on the oil sands industry, concentrating
on energy consumption, greenhouse gas emissions, and operating costs. Based on this
information, it then standardizes all values (energy consumption and operating costs) and
provides an energy system diagram for the oil sands. Energy and economic coefficients
are used to standardize the energy input and cost values (e.g., standard calorific values
and currency deflators), and conversion methods are described. Terms including energy
consumption and gas emissions in oil sands production refer to the energy consumed and
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gas emitted in oil sands extraction and upgrading. The processes of transport, additional
refining, and end-use combustion are not included in the technological boundary. The
result is a comprehensive and consistent data set for application to energy system and
integrated assessment modeling research. These values can also inform further cost–benefit
analyses and environmental impact assessments, and provide data inputs for studies using
partial equilibrium models and cost optimization models.

The rest of the paper proceeds as follows. Section 2 summarizes the literature on
energy intensity of oil sands production. Section 3 presents emission intensity estimates for
oil sands extraction and upgrading technologies. Section 4 provides production cost ranges
from various studies. Section 5 synthesizes and standardizes these values and discusses
opportunities for future studies.

2. Energy Efficiency of the Oil Sands Industry

Oil sands production can be divided into two processes: extraction and upgrading.
The extraction process recovers the bitumen portion of the mined oil sands slurry and
discards the heavy solids through a gravity separation process. Upgrading transforms
extracted bitumen into light oil (synthetic crude oil) through fractionation and chemical
treatment, and removes almost all impurities such as sulfur and heavy metals [15]. This
section introduces technology options for both processes, and then examines energy input
estimates by technology.

2.1. Energy Efficiency of Extraction
2.1.1. Surface Mining

Surface mining is defined as the extraction of rock or minerals from an open pit.
This form of mining is best suited to bitumen deposits no deeper than 50 m below the
ground surface, a criterion that less than 20% of Alberta’s bitumen reserves meet. Although
deposits as deep as 75 m below the surface are possible candidates for surface mining,
anything deeper than 75 m below grade cannot be mined economically [16].

The first stage of surface mining involves the removal of layers of rock, sand, and
clay with large excavators and trucks, which use diesel fuel as their primary energy
input. Diesel input ranges from 4.4 to 7.1 MJ for each GJ of bitumen produced. Although
energy input data for oil sands facilities remain confidential, modeling studies based on
those confidential data have provided default figures for energy input. In the FUNNEL-
GHG-OS model developed by Nimana et al. [17], the default diesel input was set as
5.53 MJ/GJ-bitumen, while the GHOST model described by Charpentier et al. [18] included
a range of 7–15 L/m3-bitumen for diesel demand, and used 10 L/m3-bitumen in its
“example scenario” [19]. FUNNEL-GHG-OS is a spreadsheet-based model that computes
life-cycle energy consumption and GHG emissions for unit operations in surface-mining
and in situ (SAGD) recovery and extraction processes [17]. GHOST is also a spreadsheet-
based model that calculates life-cycle GHG emissions from three bitumen recovery and
extraction technologies (surface mining, CSS, and SAGD), and two upgrading technologies
(delayed coking and hydrocracking) [18]. Its input inventory includes energy consumption
parameters [19]. Both models determine GHG emissions and other calculated values
per MJ or m3 of bitumen production for multiple oil sands extraction and upgrading
processes, using the range of input coefficients from oil sands projects for well-to-refinery
or well-to-wheels system boundaries [19] or based on a bottom-up calculation of energy
consumption and GHG emissions for each unit process in oil sands production [17]. Unit
process representations require coefficient values for fuel consumption per hour for shovels
and trucks, bitumen saturation, oil sands density, slurry temperatures, natural gas use
for water heating, and so on [17], or transport distances, type and proportion of diluent
used, flared and fugitive hydrocarbon releases, and so on [18]. Note that each study uses
different units, which are standardized to consistent units in Section 5.

Once oil sands deposits have been transported to an extraction facility, the second
stage of surface mining separates bitumen from sand. Natural gas provides the primary
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energy input for this process, and is used to heat water and generate electricity to operate
pumps and floatation vessels. There are three technology options for these processes: no
cogeneration, steam turbine cogeneration, and gas turbine cogeneration. No cogeneration
is considered a traditional and less efficient mining technology, in which the necessary
electricity is imported from the local grid. Its net electricity input is much higher than that
of cogeneration technologies. Both cogeneration technologies for oil sands extraction simul-
taneously produce steam and electricity from natural gas [20], whose consumption depends
on the characteristics of the steam/cogeneration used to separate bitumen. According to
Nimana et al. [17], all existing oil sands mines incorporate cogeneration facilities because
of the high demand for steam and electricity, and the cogeneration capacity continues to
expand. By 2022, the installed cogenerating capacity is expected to satisfy on-site power
demands and produce a surplus of 18% for export to the local electricity grid [17].

Two modeling studies have provided average energy input figures for surface mining.
The GHOST model input inventory included only the natural gas input for mining without
cogeneration (20–80 m3/m3-bitumen); the electricity input for cogeneration was evaluated
through gas turbine efficiencies and co-produced electricity, although numerical values
were not provided [19]. In the FUNNEL-GHG-OS model [17], the net electricity input
to the no cogeneration technology ranged from 1.8 to 2.1 kWh/GJ-bitumen and natural
gas input ranged from 52.7 to 74.1 MJ/GJ-bitumen. For steam turbine cogeneration, the
natural gas input was slightly higher than the no cogeneration technology, but the electric-
ity demand was much lower because of the on-site electricity generation. Net electricity
input ranged from 0.3 to 0.5 kWh/GJ-bitumen and natural gas input ranged from 61.7 to
86.4 MJ/GJ-bitumen. For gas turbine cogeneration, net electricity input ranged from 0.2
to 1.3 kWh/GJ-bitumen and natural gas input ranged from 64.2 to 78.2 MJ/GJ-bitumen.
Because cogeneration technologies create fewer GHG emissions than grid-supplied elec-
tricity, which contains a significant fraction of coal-fired generation, they help to reduce
overall emissions from oil sands mining. Detailed emission reduction impacts are discussed
in Section 3.

2.1.2. In Situ Production

Prior to the introduction of a technology that economically extracts bitumen from
deeper oil sands, surface mining was the only method available. Deeper extraction became
possible when Imperial Oil introduced in situ extraction techniques in the 1980s [21],
which now permit production of the 80% of reserves inaccessible to surface mining. With
subsequent technological advancements, in situ facilities can now be installed relatively
inexpensively with reduced engineering and construction risks, and a smaller surface
footprint. As a result, in situ production has increased about 400-fold from 1975 to 2015,
and is expected to surpass production from surface mining in the next few years [21].

There are two commonly applied thermal in situ techniques: Cyclic Steam Stimulation
(CSS), which uses a single wellbore for steam injection and oil production, and Steam
Assisted Gravity Drainage (SAGD), which uses two wellbores for continuous steam injec-
tion and bitumen production. CSS requires the injection of high-pressure steam through
the single wellbore into an oil sands deposit over several weeks to fully saturate it. After
soaking for days to weeks in the hot, pressurized deposit, its eventual cooling drives oil
up to the surface. Oil production can then last several weeks [22]. In a SAGD facility,
the two horizontal wells—the injection well and the producing well—are drilled into an
oil sands deposit at depths of 80 to 1000 m, one well a few meters above the other [22].
High pressure steam is continuously injected into the upper injection well to heat the
surrounding bitumen, causing it to liquefy and flow to the lower producing well. It is then
pumped to the surface and sent to an upgrading plant, where the bitumen and water are
separated. The recovered water is treated and recycled. SAGD operation is continuous,
allowing for much higher production rates than CSS and greater bitumen recovery (nearly
60%) in most cases [22], and has a significantly higher production capacity than CSS in
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Alberta [23]. In situ technologies have allowed a significant increase in bitumen production
from the oil sands with reduced additional land disturbance.

SAGD uses natural gas to generate process steam and electricity to drive the pumps
and evaporator [22]. The local grid satisfies the electricity requirements—which are be-
tween 1.2 and 3.5 kWh/GJ-bitumen—of traditional SAGD applications. A more efficient
approach employed by almost all recent SAGD operations uses a gas turbine to generate
on-site electricity [24]. By 2022, the cogenerating capacity (the maximum electric output of a
co-generator) for SAGD operations is anticipated to be 3900 MW, while the power demand
of SAGD itself will be only 3200 MW [25], yielding a surplus of electricity. The cogenerated
electricity ranges from 17.2 to 21.7 kWh/GJ-bitumen. Because cogeneration technologies
require electricity input to treat the water from the evaporator before recycling for steam
production, the net electricity input is actually higher than for the traditional technology,
which ranges from 16.0 to 18.2 kWh/GJ-bitumen. However, because co-generated electric-
ity is produced with natural gas, its emission factor is lower than the electricity purchased
from the local grid, part of which is currently produced from coal [26]. Hence, cogeneration
technology produces lower greenhouse gas emissions than traditional SAGD [17,27]. This
will shift in the coming years as Alberta plans to phase out coal-fired electricity generation
by 2030 [28], replacing coal capacity with natural gas and renewable sources. Detailed
carbon footprints for both technologies are discussed in Section 3.

2.2. Energy Efficiency of Upgrading

Upgrading is a process that transforms extracted crude bitumen into light oil. Crude
bitumen production from Alberta’s oil sands was almost 1.9 million bpd in 2012, 54%
of which was upgraded to synthetic crude oil, while the remainder (diluted bitumen, or
“dilbit”) was delivered to international upgraders [29]. Upgrading involves two processing
stages. Primary upgrading increases the hydrogen to carbon ratio either by rejecting carbon
or adding hydrogen. Secondary upgrading removes impurities such as sulfur, nitrogen,
and metals released by primary upgrading and eventually achieves a sulfur content below
0.5% in the upgraded products [30]. Two upgrading technologies are widely used in the oil
sands industry to increase the hydrogen to carbon ratio: delayed coking (rejecting carbon)
and hydroconversion (adding hydrogen). Hydroconversion requires more energy but
produces more SCO (synthetic crude oil).

2.2.1. Delayed Coking

In the delayed coking process, cokers (oil refinery processing units) operate at high
temperatures of about 500 ◦C and relatively low pressures to thermally crack bitumen
residues into light hydrocarbons (naphtha, kerosene, gas oils), which leave the coker
drum as vapors and leave behind a solid concentrated residue, called petroleum coke [15].
Delayed coking processes consume a combination of steam, natural gas, fuel gas, and/or
electricity [31].

In the FUNNEL-GHG-OS model [29], energy consumption of delayed coking was
estimated as 3.34 GJ to upgrade 1 m3 of bitumen, with 42% of the total energy required for
hydrogen production. Nimana et al. [29] also concluded that 54% of the energy demand
of delayed coking was met through combustion of the fuel gas produced in the plant,
while the remainder was fueled by about 47 m3 of natural gas per 1 m3 of bitumen. The
default electricity demand in the FUNNEL-GHG-OS model was set to 51.9 kWh/m3 of
bitumen. In the GHOST model, energy consumption was calculated on a final production
(SCO) basis. The electricity demand for delayed coking (no cogeneration) was about
40–70 kWh/m3-SCO and natural gas demand was 95–115 m3/m3-SCO [19], while the
cogeneration energy inputs were not discussed.

2.2.2. Hydroconversion

As an alternative to delayed coking, hydroconversion cracks larger heavy bitumen
molecules into smaller, more-valuable molecules by adding hydrogen in the presence of a
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catalyst [16]. Hydrogen production is an energy-intensive process [28], using approximately
70% of the total energy required by hydroconversion [29]. This higher hydrogen require-
ment relative to delayed coking results in higher energy consumption of approximately
6.87 GJ to upgrade 1 m3 of bitumen [27]. The fuel gas requirement of hydroconversion
is about 22% of the total energy demand, a significantly lower value than for delayed
coking. However, to upgrade 1 m3 of bitumen, hydroconversion has higher natural gas
consumption and electricity demand of 157 m3 and 84.9 kWh/m3, respectively. Unlike
delayed coking, hydroconversion does not reject carbon and therefore produces a higher
volume of SCO. Specifically, volume yields increase from 78–94% for delayed coking to
95–106% for hydroconversion [18,19]. In the no cogeneration pathway of the GHOST
model, electricity demand for hydroconversion was around 85–130 kWh/m3-SCO, which
was higher than for delayed coking, while natural gas demand was 55–105 m3/m3-SCO,
lower than for delayed coking [19]. Table 1 summarizes the energy input values from
various literature sources. The “default” and “example scenario” values are used to create
an energy input-output flow in Section 5.

Table 1. Summary of energy input by oil sands technology.

Energy Technology
Nimana et al. [17] Nimana et al. [29] Bergerson et al. [19] Charpentier et al.

[18]

Unit Range Default Unit Default Unit Range Example
scenario Unit Range

Diesel Surface mining MJ/GJ-
bitumen 4.4–7.1 5.53 L/m3 7–15 10

Natural
gas

Surface mining
(no cogen.)

MJ/GJ-
bitumen 52.7–74.1 61.3 m3/m3 20–80 50

Surface mining
(steam

turbine cogen.)

MJ/GJ-
bitumen 61.7–86.4 72.0

Surface mining
(gas

turbine cogen.)

MJ/GJ-
bitumen 64.2–78.2 71.8

SAGD
(no cogen.)

MJ/GJ-
bitumen 123.7–385.2 148.2

SAGD (gas
turbine cogen.)

MJ/GJ-
bitumen 228.5–462.7 247.8

Delayed coking
(no cogen.)

m3/m3-
bitumen 40.4

Delayed coking
(cogen.)

m3/m3-
bitumen 68.9

Hydroconversion
(no cogen.)

m3/m3-
bitumen 147.1

Hydroconversion
(cogen.)

m3/m3-
bitumen 197.1

Fuel gas
Delayed coking

(no cogen.;
cogen.)

kg/m3-
bitumen 47.5

Hydroconversion
(no cogen.;

cogen.)

kg/m3-
bitumen 39.1

Total gas Delayed coking
(no cogen.)

m3/m3-
SCO 95–115 105 m3/m3-

SCO 95–115

Hydrocracking
(no cogen.)

m3/m3-
SCO 55–115 85 m3/m3-

SCO 55–115

Net
electricity

Surface mining
(no cogen.)

kWh/GJ-
bitumen 1.8–2.1 2.0

Surface mining
(steam

turbine cogen.)

kWh/GJ-
bitumen 0.3–0.5 0.5

Surface mining
(gas turbine

cogen.)

kWh/GJ-
bitumen 0.2–1.3 0.7

SAGD
(no cogen.)

kWh/GJ-
bitumen 1.2–3.5 1.5

SAGD (gas
turbine cogen.)

kWh/GJ-
bitumen 16.0–18.2 17.9
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Table 1. Cont.

Energy Technology
Nimana et al. [17] Nimana et al. [29] Bergerson et al. [19] Charpentier et al.

[18]

Unit Range Default Unit Default Unit Range Example
scenario Unit Range

Delayed coking
(no cogen.)

kWh/m3-
bitumen 51.9

Delayed coking
(cogen.)

kWh/m3-
bitumen −41.4

Hydroconversion
(no cogen.)

kWh/m3-
bitumen 84.9

Hydroconversion
(cogen.)

kWh/m3-
bitumen −83

Electricity
used

Surface mining
(no cogen.;

cogen)

kWh/m3-
bitumen 50–100 60

SAGD (no
cogen.; cogen)

kWh/m3-
bitumen 45–120

Delayed coking
(no cogen.)

kWh/m3-
SCO 40–70 55 kWh/m3-

SCO 40–70

Hydrocracking
(no cogen.)

kWh/m3-
SCO 85–130 100 kWh/m3-

SCO 85–130

Total
electricity
produced

Surface mining
(no cogen.;

cogen)

kWh/m3-
bitumen 240–2400 1200

SAGD (no
cogen.; cogen)

kWh/m3-
bitumen 300–3000

Delayed coking
(cogen.)

kWh/m3-
SCO 220–2200 1100 kWh/m3-

SCO 220–2200

Hydrocracking
(cogen.)

kWh/m3-
SCO 400–4000 2000 kWh/m3-

SCO 400–4000

3. Greenhouse Gas Emissions from the Oil Sands Industry

Extraction and upgrading processes produce the bulk of oil sands’ greenhouse gas
emissions. Some emissions are also associated with noncombustion processes (venting,
flaring, and fugitive emissions) and land use changes. This section first examines emissions
estimates by technology, and then describes noncombustion and land use emissions. Sev-
eral modeling studies have estimated gas emission figures based on confidential operating
data. Since those data are not publicly available, this section relies on the model estimates.

3.1. Greenhouse Gas Emissions from Extraction
3.1.1. Surface Mining

The FUNNEL-GHG-OS model [17] included an emissions intensity estimate for sur-
face mining without cogeneration of 230–302 kg-CO2/m3-bitumen. Results were produced
for cases both with and without cogeneration (using either steam or gas turbines). Since
coal-based electricity from the local grid has a higher CO2 intensity, facilities with cogen-
eration technologies can reduce GHG emissions when they export electricity to the local
grid. In particular, gas turbines as compared with steam turbines export more electric-
ity and thus offer greater emission reductions: 12–30% greater reduction than without
cogeneration. In comparison with previous literature and models, Nimana et al. [17] esti-
mated that their FUNNEL-GHG-OS model results lay within the range presented by the
GREET model, of 206.2 kg-CO2/m3-bitumen [27], and work by Jacobs [32], which uses
297.54 kg-CO2/m3-bitumen. Other studies [9,19,33,34] give different emission profiles,
because of different technology boundaries and assumptions. For example, the GHGe-
nius model [35] considered cogeneration in surface mining operations while the GREET
model [27] did not.

GHOST, the first oil sands life cycle-based model, calculated both direct and in-
direct emissions [19]. Its estimated surface mining emissions ranged between 2.5 and
8.9 g-CO2eq/MJ-bitumen. Direct emissions in the cogeneration case were estimated at
between 2.3 and 7.2 g-CO2eq/MJ-bitumen (low and high scenarios, respectively), corre-
sponding to 89–92% of total emissions. In the no cogeneration case, direct emissions were
estimated to lie between 1.6 and 5.9 g-CO2eq/MJ-bitumen, constituting 54–67% of total
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emissions. Importantly, the emission profiles from the FUNNEL-GHG-OS model and the
GHOST model differed significantly because of disparate assumptions about cogenerated
power. The GHOST model assumed that the amount of electricity produced perfectly
matched on-site demand, while the FUNNEL-GHG-OS model assumed surplus electricity
was sold to the local grid. Assumptions related to cogenerated power in oil sands projects
have a significant impact on modeled overall emission pathways [36].

3.1.2. In Situ Production

The majority of the GHG emissions from SAGD come from steam generation. In the
FUNNEL-GHG-OS model, the CO2 emissions from SAGD operations without cogeneration
ranged from 562 to 1384 kg/m3-bitumen, while gas turbine cogeneration reduced emissions
to between 327 and 931 kg/m3-bitumen. Natural gas was the dominant source of emissions.
In a no cogeneration case, the natural gas-derived emissions share was 70%. The second
largest contributor, electricity, was responsible for about 6–20% of the total emissions.
GHOST model results showed that emissions from the solution gas coproduced on-site
(natural gas produced along with oil from oil sands wells) played a minor role in the total
SAGD emissions [18].

3.2. Greenhouse Gas Emissions from Upgrading

Greenhouse gas emissions from upgrading come from heat processing (mainly natural
gas), hydrogen production, and electricity generation, either from cogeneration or import
from the local grid. The FUNNEL-GHG-OS model [29] estimated emissions for delayed
coking and hydroconversion separately, with total GHG emissions of 240 kg-CO2eq/m3-
bitumen in delayed coking and 433 kg-CO2eq/m3-bitumen in hydroconversion, both with
no cogeneration. The higher energy demand for hydrogen production resulted in higher
emissions from delayed coking. Natural gas combustion accounted for 81% and 82.7% of
the total emissions in delayed coker upgrading and hydroconversion, respectively.

When cogeneration units are employed, natural gas consumption increases in both
upgrading configurations. However, because natural gas-based cogenerated electricity
replaces more carbon-intensive grid power, the net emissions actually decrease by 13% in
delayed coker upgrading and 16% in hydroconversion upgrading. Nimana et al. [29] stated
that these values were also within 10% of the emissions values reported by Jacobs [32].
In the GHOST model, the emissions associated with upgrading bitumen to SCO ranged
from 6.4 to 16.7 g-CO2eq/MJ-SCO [19]. In no cogeneration cases, grid electricity-based
emissions could contribute up to 3.2 g-CO2eq/MJ-SCO. Table 2 summarizes estimated CO2
emissions by technology from four modeling studies.

Table 2. Summary of CO2 emission by oil sands technology.

Technology Nimana et al. [17] Nimana et al. [29] Bergerson et al. [19] Charpentier et al. [18]
Unit Range Default Unit Default Unit Low High Unit Low High

Surface mining
(no cogen.)

g- CO2/MJ-
bitumen 5.4–7.4 6.3 g- CO2/MJ-

bitumen 2.9 8.9

Surface mining
(cogen.)

g- CO2/MJ-
bitumen 2.5 8.1

Surface mining
(steam

turbine cogen.)

g- CO2/MJ-
bitumen 4.7–6.8 5.7

Surface mining
(gas

turbine cogen.)

g- CO2/MJ-
bitumen 4.6–4.9 4.9

SAGD
(no cogen.)

g- CO2/MJ-
bitumen 9.3–28.9 11.3 g-CO2/MJ-

bitumen 9.5 16.1

SAGD (cogen.) g- CO2/MJ-
bitumen 9.0 13.8

SAGD (gas
turbine cogen.)

g- CO2/MJ-
bitumen 5.8–20.1 18.4

Delayed coking
(no cogen.)

kg- CO2eq/m3-
bitumen 240.3 g- CO2/MJ-SCO 7.8 15.0 g- CO2/MJ-SCO 7.8 15.0

Delayed coking
(cogen.)

kg- CO2eq/m3-
bitumen 208.6 g- CO2/MJ-SCO 7.4 14.2 g- CO2/MJ-SCO 7.4 14.2
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Table 2. Cont.

Technology Nimana et al. [17] Nimana et al. [29] Bergerson et al. [19] Charpentier et al. [18]
Unit Range Default Unit Default Unit Low High Unit Low High

Hydroconversion
(no cogen.)

kg- CO2eq/m3-
bitumen 433.4

Hydroconversion
(cogen.)

kg- CO2eq/m3-
bitumen 365

Hydrocracking
(no cogen.) g- CO2/MJ-SCO 7.1 16.7 g- CO2/MJ-SCO 7.1 16.7

Hydrocracking
(cogen.) g- CO2/MJ-SCO 6.4 15.5 g- CO2/MJ-SCO 6.4 15.5

3.3. Noncombustion and Land Use Associated Emissions

A number of oil sands bitumen-extraction stages release greenhouse gases. Noncom-
bustion process emissions include venting, flaring, and fugitive (VFF) emissions. Based
on in situ measurements of emissions from the main oil sands tailings ponds across the
Athabasca oil sands region, thickened tailings and fresh froth treatment tailings were
associated with higher volatile organic compound emissions, while older tailings ponds
emitted higher methane concentrations through the development of methanogenesis [7].
Environment and Climate Change Canada reported approximately 3 g-CO2/MJ-bitumen
from mining and approximately 1 g-CO2/MJ-bitumen from in situ production [37]. Land
use change emissions are associated with biomass disturbance and oxidation due to land
clearing, soil disturbance, and peat disturbance. For mining operations, these emissions
are generally smaller than the VFF emissions, with a representative value of 1.4 g-CO2/MJ-
bitumen, within a range of 1.0 to 2.3 g-CO2/MJ-bitumen produced [38]. Among the land
use change emissions, peat disturbance has the largest impact [38]. Compared to surface
mining, in situ operations have minor land use emissions [30].

4. Costs in the Oil Sands Industry

The cost structure of the oil sands industry has been subject to much analysis in
recent years, particularly in terms of the financial implications of climate policies for oil
sands production. Some studies [39] have forecasted short- and long-term crashes in the
price of oil. However, supply costs are expected to decrease over time with technological
improvements, which may allow some plants to remain economically viable for several
decades. This section compiles and analyzes data related to oil sands costs at the plant
gate, which exclude transportation and blending costs.

Reported operating costs for oil sands facilities vary, because of the different extraction
technologies employed, differences in natural gas prices and carbon taxes, as well as export
restrictions and market competition. Overall estimates for operating costs range from
USD 7.04 to USD 16.43 per barrel of bitumen and USD 21.12 to USD 25.81 per barrel of
synthetic crude oil [40] (2015 U.S. dollars). Supply costs for surface mining range from
USD 16.42 to USD 28.15 and USD 41.15 to USD 46.93 per barrel for bitumen and synthetic
crude oil, respectively. These values are reported as a price per barrel at the plant gate, and
include operating costs, capital costs, taxes, royalties, and the rate of return on investment.
SAGD operations are estimated to be economic between USD 36.24 and USD 42.28 per
barrel [40]. All values here are reported in 2015 US dollars to support broader application.
Currency conversions and corrections for inflation were conducted using the World Bank
GDP deflator [41] and the USDA International Macroeconomic Data Set was used to resolve
currency exchange rates for 2018.

4.1. Extraction Costs
4.1.1. Surface Mining Costs

Méjean and Hope [42] summarized published values for the supply and operating
costs of oil sands facilities. Operating costs for surface mining extraction ranged from USD
7.25 to USD 12.08 and the total supply costs at the plant gate were between USD 14.49 and
USD 20.54 per barrel of bitumen. Plants with integrated mining and upgrading phases
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that produce synthetic crude had operating cost ranges from USD 14.49 to USD 21.74 and
total supply costs of USD 21.74 to USD 39.86 per barrel of SCO. However, after 2014, new
carbon policies, logistical restrictions related to transport of bitumen and SCO, and low
global oil reserves [43] raised supply costs to USD 105.19 per barrel of SCO at the gate of
an integrated mining and upgrading plant and to USD 110.67 per barrel equivalent on the
West Texas Intermediate (WTI) benchmark [44].

A recent Canadian Energy Research Institute report [45] stated that the supply costs at
the plant gate for mining operations without attached upgrading were USD 69.02 per barrel,
with an increase to USD 74.91 per barrel after blending and transportation to the US market.
The largest contributors among the supply costs were fixed capital (initial and sustaining;
48.1%), royalties (18.6%), income taxes (7.1%), natural gas (3.8%), and other miscellaneous
operating costs including electricity (21.2%). The small remainder was comprised of
emissions compliance costs, operating working capital, and abandonment costs.

4.1.2. SAGD Costs

The typical lifespan of a SAGD plant and upgrading facilities is 25 years. Plants
with cogeneration have lower production costs because of the revenue generated from
the produced electricity [46]. Méjean and Hope [42] investigated unit supply costs at the
plant gate for in situ bitumen production. For cyclic steam stimulation (CSS) production of
bitumen, they found operating costs to range from USD 7.25 to USD 14.49 and supply costs
to range from USD 12.08 to USD 24.16. Operating costs for CSS production of SCO, when
coupled with an upgrading phase, varied from USD 5.44 to USD 8.46. Supply costs for
CSS production of SCO were not provided. For SAGD technologies, operating costs varied
from USD 6.04 to USD 14.49 and the total supply cost varied from USD 8.46 to USD 21.74
per barrel of bitumen. The operating cost for a SAGD plant coupled with an upgrading
component ranged from USD 4.23 to USD 8.46 per barrel of SCO. Millington et al. [44]
estimated a supply cost for SAGD of USD 42.66 per barrel at the plant gate, which increased
to USD 59.86 per barrel with adjustments after blending and transportation, to the WTI
equivalent supply costs. The majority of the supply costs came from natural gas (13.6%),
royalties (16.5%), fixed capital (44.4%) and other operating costs, such as electricity (17.4%).
The remaining costs were related to operating capital, income taxes, emissions regulations
compliance, and abandonment and reclamation of project sites.

Recently, a number of new projects have been proposed for new oil sands extraction
projects and pipelines, called greenfield facilities [40], as well as expansions of current
projects. Millington [4] explored cost scenarios for proposed expansion and greenfield
projects and found that supply costs at a greenfield SAGD plant gate were USD 32.39
per barrel of bitumen, while an expansion scenario had costs of USD 21.49 per barrel.
The proposed expansion scenario incorporated both production expansion and currently
proposed pipelines. After blending and transportation to the US market, supply costs for
both the greenfield and expansion scenarios were expected to increase to USD 57.12 per
barrel and USD 48.97 per barrel, respectively. The costs of both scenarios were considered
economically viable based on projections of the market price.

4.2. Upgrading Costs

Bitumen is commonly diluted and sold for further processing either elsewhere in
Canada or in the US, since many production sites are not equipped with upgrading
facilities. The cost for upgrading bitumen to SCO varies from USD 26.57 to USD 30.20 per
barrel [42], while costs for a standalone upgrader are estimated as USD 39.82 per barrel [44].

Sapkota et al. [46] presented costs for a number of alternative upgrading technologies,
including hydroconversion and delayed coking both with and without cogeneration, of
USD 39.16 and USD 37.91 for hydroconversion, and USD 28.96 and USD 26.44 for delayed
coking. Initial capital and O&M costs were the two major components of the upgrading
cost. Further, SCO production through hydroconversion was more expensive because of
higher capital costs and greater consumption of natural gas and electricity. These costs
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have decreased over time: according to the National Energy Board [40], the average supply
cost per barrel of SCO was around USD 45.75 in 2006.

5. Discussion

Figure 2 summarizes energy inputs and operating costs according to oil sands technol-
ogy. The energy inputs indicated in Figure 2 are the best values available from modeling
studies (Table 1). Most of the energy inputs were based on the default parameter settings of
the FUNNEL-GHG-OS model, since it had the most detailed oil sands production process
among all models reviewed. However, where default values in FUNNEL-GHG-OS were
out of the range suggested by other models, an average value from all models was used in
Figure 2. On the cost side, the medians of cost ranges suggested by Méjean and Hope [42]
were used in Figure 2. Standard calorific values of energy inputs were used to convert
different units in Table 1, while World Bank GDP deflator [41] and the USDA Interna-
tional Macroeconomic Data Set were used to convert cost values. The energy demands
in terms of exajoules of energy input per exajoule of bitumen produced (EJ/EJ-bitumen)
and the operating costs (2015 USD/GJ-bitumen) were converted from the data introduced
in Sections 2 and 4 to consistent technology boundaries and energy units. Energy inputs
include natural gas, diesel, electricity, and fuel gas. The electricity inputs for cogeneration
technologies are net values that incorporate both the total demand and surplus power. Fur-
ther, while cogenerated power cannot fully satisfy the total electricity demand of extraction
technologies, upgrading technologies can generate surplus power on-site for export to the
local grid. Therefore, negative electricity inputs represent the export of excess electricity.
Finally, the energy inputs and operating costs of upgrading technologies are additive values
and do not include the quantities needed in the preceding extraction processes. Energy
conversion coefficients were taken from IEA [47] and as described in Section 4.

1 
 

 
Figure 2. Energy inputs and operating costs in oil sands projects.

The existing literature provides energy input and associated CO2 emission of each
stage in the oil sands industry and explains uncertainties. Despite differences in tech-
nology boundaries, the literature clearly indicates that emissions associated with steam
and electricity generation are the largest contributors to the total CO2 emissions from
oil sands extraction. In upgrading, the bulk of the energy demand is associated with
hydrogen production, therefore also contributing to most of its emissions. Natural gas is
used for both extraction and upgrading activities; therefore, its replacement by renewable
energy (e.g., nuclear, geothermal, biomass, and wind) would reduce carbon emissions
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from oil sands production. For example, hydrogen production with renewables, such as
wind, could significantly reduce the GHG footprint of oil sands upgrading processes [48].
Similarly, carbon capture and storage (CCS) presents a lower carbon alternative for oil
sands production; however, initial costs and other factors (e.g., technological uncertainty)
may prevent wide-scale implementation in the near future [49]. Using energy inputs for
modeling provides a bottom-up approach, consistent with the way oil and gas facilities
report their greenhouse gas emissions. A top-down approach by Liggio et al. [50] used
aircraft to measure the CO2 emission levels at four oil sands facilities in the Athabasca re-
gion of northeastern Alberta based on atmospheric observations. They suggested that CO2
emission intensities for oil sands facilities are 13–123% larger than those estimated using
publicly available data because of technological uncertainty and emission factors. When
using the energy input data in Figure 2 to model the oil sands industry, such uncertainties
should be considered.

6. Conclusions

This study has reviewed the literature associated with historical and current technol-
ogy profiles for oil sands production. No studies to date have provided a future vision
of technology-specific energy consumption, GHG emissions, and supply cost projections.
Both international organizations and the Canadian government have set long-term targets
for GHG emission reductions, and projections of future emissions from oil sands produc-
tion are important for evaluating progress toward meeting these targets. A range of models,
such as partial equilibrium models and cost optimization models, are available or being
developed to forecast future oil sands production and associated emissions. This paper
provides key input to facilitate such modeling work. The numbers listed in Figure 2 can
be used by oil sands companies and government ministries for evaluating environmental
impacts of the oil sands industry.
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